Mississippi State University

Scholars Junction
Theses and Dissertations

Theses and Dissertations

12-11-2004

Gas Hydrates to Capture and Sequester CO2
Tao Ding

Follow this and additional works at: https://scholarsjunction.msstate.edu/td

Recommended Citation
Ding, Tao, "Gas Hydrates to Capture and Sequester CO2" (2004). Theses and Dissertations. 2372.
https://scholarsjunction.msstate.edu/td/2372

This Graduate Thesis - Open Access is brought to you for free and open access by the Theses and Dissertations at
Scholars Junction. It has been accepted for inclusion in Theses and Dissertations by an authorized administrator of
Scholars Junction. For more information, please contact scholcomm@msstate.libanswers.com.

Gas Hydrates to Capture and Sequester CO2

By
Tao Ding

A Thesis
Submitted to the Faculty of
Mississippi State University
in Partial Fulfillment of the Requirements
for the Degree of Master of Science
in Chemical Engineering
in the Dave C. Swalm School of Chemical Engineering
Mississippi State, Mississippi
December 2004

Gas Hydrates to Capture and Sequester CO2

By
Tao Ding

Approved:

_________________________________
Rudy E. Rogers
Professor of Chemical Engineering
(Director of Thesis)

______________________________
Clifford E. George
Professor of Chemical Engineering
(Committee Member)

_________________________________
Hossein Toghiani
Associate Professor of Chemical Engineering
(Committee Member)

______________________________
Priscilla Hill
Assistant Professor of Chemical
Engineering
(Committee Member)

_________________________________
Kirk H. Schulz
Earnest W. Deavenport Jr.Chair
Professor and Director of
Dave C. Swalm School of
Chemical Engineering

______________________________
Mark E. Zappi
Texas Olefins Professor and
Graduate Coordinator of
Dave C. Swalm School of
Chemical Engineering

______________________________
Dr. Glenn Steele
Interim Dean of the James Worth Bagley
College of Engineering

Name: Tao Ding
Date of Degree: December 11, 2004
Institution: Mississippi State University
Major Field: Chemical Engineering
Major Professor: Dr. Rudy E. Rogers
Title of Study: Gas Hydrates Capture and Sequester CO2
Pages in Study: 135
Candidate for Degree of Master of Science of Chemical Engineering

Reducing atmospheric CO2, a main source of greenhouse gas, has been
accentuated recently. One focus is capture, separation, and sequestration of industrial
CO2. As a hydrate former, CO2 forms hydrates at moderate temperatures and pressures.
This phenomenon could be utilized to capture and separate CO2 from flue gases, and also
has the potential to sequester CO2 in the deep seabeds. This research investigated the
CO2-N2 separation efficiency of gas hydrates; it investigated the sequestration potential
of CO2 hydrates in ocean sediments. The catalytic effect of surfactants in these processes
was investigated.
A fluorosurfactant FS-62 was mixed with SDS at 100ppm/1000ppm was found to
best catalyze CO2 hydrate formation, giving a high formation rate of 0.1239 mmole of
occluded gas/minute-about 2.87 times the base case with no surfactant.

FS-62/SDS was verified to increase the separation efficiency of N2-CO2 gas
which formed a mixture gas hydrate. In a two-stage process, a desirable separation
efficiency was obtained. A total CO2 removed from the gas mixture of 67.7% was
obtained.
In a series of experiments simulated under ocean sediment environments, the
biosurfactants Emulsan and Rhamnolipid showed favorable catalysis of CO2 hydrate
formation. Also, the chemical structure of the porous media was found to have some
influence on the hydrate formation rate.
For a quiescent system, the displacement of natural gas from hydrate by injecting
CO2 occurred at a low level and would not be a practical process. In the case of
displacing CH4 from hydrate with CO2, no displacement would occur.
This research work showed that a potentially cost effective hydrate separation
technology applied to N2-CO2 gas, representative of a flue gas, can be improved by
adding surfactants. It was found that biosurfactants give some beneficial effect on CO2
hydrate formation in sediments and might be used to assist CO2 sequestration in
sediments or to displace natural gas from hydrates already in sediments.
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CHAPTER Ι
INTRODUCTION
Gas Hydrates Definition
Gas hydrates were first identified in 1810 by Sir Humphry Davy and their
composition was later established by Faraday. Gas hydrates are crystalline inclusioncompounds (clathrates) characterized by strictly determined structures for different gases
(Makogon, 1981). Clathrates form when water establishes, due to hydrogen bonding, a
cage-like structure around small guest molecules. It is known that there are more than
100 gas species which can combine with water and form these nonstoichiometric solid
compounds. Typical examples of hydrate-forming gases include CH4, C2H6, C3H8, CO2,
and H2S.
Research on gas hydrates began in 1934, when it was recognized that the plugging
of natural gas pipelines was due not to ice formation but to formation of clathrate
hydrates of natural gas (Hammerschmidt, 1934). Afterwards, various thermodynamics
inhibition methods and kinetic inhibition methods were introduced to prevent hydrates
formation. The main inhibitors are methanol, glycol, and vinyl alcohol.

Gas Hydrates as a Potential Fuel Resource
As a clean burning fuel, natural gas has become more attractive in recent years to protect
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the environment. A majority of electric power plants built in the United States in recent
years burn natural gas. The United States consumes about 21 trillion cubic feet of natural
gas per year, and it is still growing. This growing demand for natural gas attracts
attention to natural gas hydrates as a potential resource. The worldwide amount of carbon
bound in gas hydrates is conservatively estimated to total twice the amount of carbon to
be found in all known fossil fuels on Earth (Figure.1.1). The amount of methane in
hydrates is estimated to be 700,000 trillion cubic feet (http-netl-hydrates). In and around
the United States, the amount of methane in hydrates could be as much as 200,000 trillion
cubic feet (http-fe-hydrates). These methane hydrate deposits originate from the
microbial breakdown of organic matter and from thermogenic gas seeping from deep
reservoirs. The immense volumes of gas and the richness of the deposits make methane
hydrate a strong candidate for development as an energy resource. The potential has
drawn much interest from scientists. Intensified research worldwide is attempting to find
a practical, safe, and environmentally acceptable approach to produce the methane as a
fuel.
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Atmosphere 3.6

Ocean 983
(Includes dissolved
organics, and biota)
Land 2790
(includes soil,
biota,peat,
and detritus)

Fossil
fuels
5,000

Gas
Hydrates
10,000

Figure 1.1. Distribution of Organic Carbon in Earth Reservoirs (excluding
dispersed carbon in rocks and sediments, which equals nearly 1,000 times
this total amount). Numbers in gigatons (1015 tons) of carbon (http-marine).

Hydrates in the Ocean Sediments
Gas hydrates are stable at temperatures above the normal ice freezing point, so
that hydrates often occur in ocean-floor sediments where water depths are greater than
about 500 meters. Hydrates may be disseminated in the pore spaces of sediments as well
as occur in layers as nodules. These gas-hydrate-containing strata may act as seals on gas
traps.
Gas hydrates may occur in strata several hundred meters below the seafloor. In
the ocean, gas hydrates composed dominantly of methane are common constituents of the
shallow marine geosphere (Kvenvolden, 1993), and they occur both in deep sedimentary
structures (Dickens et al., 1997) and as outcrops on the ocean floor (MacDonald et al.,
1994). Also, hydrates of carbon dioxide and hydrogen sulfide have been reported at the
sediment surface (Sakai et al., 1990).
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Instability of the seafloor caused by gas hydrates is another important concern
since scientists have identified a link between methane eruptions from the sea floor and
climate change in the geologic past. Warmer waters could trigger the release of deep-sea
methane into the atmosphere. Seafloor instabilities in the forms of landslides or volcanic
eruptions could also trigger release of the methane from hydrates. The 1986 Lake Nyos
disaster in Cameroon was attributed to the instability of the hydrates in the lake floor by
Rogers and Yevi (1996).
Since methane has a global warming potential 21 times greater than that of carbon
dioxide (Taylor, 1991), a continuous increase of its concentration in the atmosphere from
the decomposition of hydrates could trigger global warming. Fossils from methaneconsuming bacteria found in Californian sediments deposited during the last glacial
period, 70,000 to 12,000 years ago, suggest that large amounts of methane were
repeatedly released from the seafloor during warmer climates (http-poemsinc).

Extraction of Natural Gas from Hydrates
The estimated scale of hydrates deposits containing methane has generated much
interest as a possible energy source. Some exploitation methods have been investigated
(Englezos, 1993): (a) Injection of inhibitors alters the phase diagram and renders the
pressure-temperature conditions in the reservoir favorable for the hydrates to decompose.
(b) Injection of steam of hot gas acts as thermal stimulation, and (c) Depressurization of
the reservoir below the hydrate equilibrium point causes decomposition.
In addition to technical and economic considerations, developing exploration
methods also need stringent control of possible environmental and ecological impacts,
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including the potential release of methane into the atmosphere during. Currently, no
economical techniques of hydrate extraction have been developed.

Application of Gas Hydrates
Gas hydrates in ocean sediments and in permafrost of arctic regions are stable as
long as temperature and pressure combinations are maintained above the equilibrium
threshold of the particular gas composition.
This principle has been applied to natural gas storage and transportation for
industrial use. Theoretically, one volume of structure I (sI) hydrate can contain 185
volumes of methane gas at standard temperature and pressure. By taking advantage of
this feature, a much smaller storage space might be necessary and the safety might be
improved by transporting natural gas in gas hydrates.
A major difficulty in developing a gas hydrate process for storage and
transporting natural gas is to develop economic methods for generating the hydrates. In a
quiescent system that is preferred for economical processing, hydrate formation rate is
very slow because a hydrate film forms between water and gas phases. If mechanically
stirred to renew the interface of gas and water, maintenance and safety costs increase.
Additionally, interstitial water becomes trapped between solid hydrate particles to
increase storage space (Zhong and Rogers, 2000). These obstacles can be overcome by
using a micellar solution in a non-stirred system. The micelles at a low concentration will
increase the solubility of hydrocarbon gas.
Zhong and Rogers (2000) studied the effect of sodium dodecyl sulfate (SDS)
solution on natural gas hydrate formation in a quiescent system and found that the
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formation rate could be increased 700 times over a system with no surfactant. No
agitation and a fast formation rate make this method potentially attractive economically.
Another property of hydrates is that when it forms from brine, only the water
molecules are removed while the salts remain in the interstitial solution between hydrate
particles. Theoretically, pure water could be obtained after removing the interstitial
solution, offering a novel way for desalinating seawater.
CO2, a main source of greenhouse gas, can also form hydrates at less stringent
conditions than methane. If mixed with a proper gas, hydrate mixture will form with a
certain composition which is different from the gas phase, thus to some degree separating
the gases. Such a phenomenon could be utilized to separate CO2 from flue gas, which
normally consists predominantly of CO2 and N2. For economic and safety reasons, a
lower equilibrium pressure might be obtained in the separation by adding a small amount
of THF (tetrahydrofuran), which greatly decreases the thermodynamic requirements for
hydrate formation. Research shows that 99 mol% CO2 from a power plant flue gas could
be recovered this way (Kang and Lee, 2000).
Besides capturing CO2 from flue gas, another important problem is where and
how to sequester CO2. One of the promising options is ocean CO2 sequestration or
disposal. Many forms of ocean CO2 injection have been advocated. All of these
approaches are related to hydrates, because CO2 forms hydrate at the pressures and
temperatures of seawater deeper than about 200 m (Sloan, 2000). This fact may be a key
factor in answering the most critical question of CO2 sequestration, namely, “How long
can CO2 be sequestered in the ocean without damaging the environment?” In parallel to
pursuing the technical feasibility of sequestering CO2 in oceans, a number of
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environmental questions are being investigated, such as the effects of CO2 disposal on
mobile deep-sea animals (Tamburri et al., 2000).

Research Objectives
As the earth’s largest hydrocarbon energy resource, methane hydrates have
become a major research topic. Many studies have been done concerning hydrate
formation, decomposition, and inhibition, but no one studied surfactant efficiency on
hydrate formation pressures until Zhong and Rogers (2000); they found SDS to be a
promising natural gas hydrate promoter. Also, certain biosurfactants showed catalytic
impacts on natural gas hydrate formation in seawater-saturated sediments (Rogers et al.,
2003). All of these findings suggest that perhaps some surfactants may also catalyze CO2
hydrate formation.
In this research, various biosurfactants were tested with CO2 in seawater-saturated
sediments. Also, certain selected surfactants were used to catalyze the CO2 hydrate
formation in distilled water in the absence of porous media. Additionally, the research
investigates formation rate, induction time, surfactant adsorption on sediments, and
surfactant effect on CO2 solubility in regard to the formation of CO2 hydrates in ocean
sediments for a possible sequestration.
Based on the optimum selection of surfactant, the research evaluates the
innovative hydrate capture of CO2 from flue gas emissions at conditions of the industrial
sites where methane is produced. The research evaluates whether micellar processes
could be used to also separate CO2 from syngas.
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All of the potential applications depend upon finding an effective CO2 surfactant
that gives good CO2 solubilization and adsorption properties.

CHAPTER II
LITERATURE SURVEY
Amounts CO2 Emitted by Industry
In the 19th century, scientists realized that gases in the atmosphere cause a
"greenhouse effect" which affects the earth's temperature. At the turn of the nineteenth
century, Svante Arrhenius calculated that emissions from human industry might someday
bring a global warming. It was deemed faulty by other scientists until the1950s. It was
almost by chance that a few researchers discovered that global warming truly was
possible. In the early 1960s, C.D. Keeling found that the level of carbon dioxide in the
atmosphere was rising fast. Researchers began to focus on how the level of carbon
dioxide had changed in the past, and how the level was influenced by chemical and
biological forces (http-aip). By now, it is well known that next to nitrogen, oxygen and
argon, carbon dioxide is the most abundant gas in the earth’s atmosphere. Next to water
vapor, it is the most important greenhouse gas responsible for climate changes (Zeebe
and Gladrow-Wolf, 2001).
In our environment, carbon is present in various forms. Carbon sinks include the
following (http-safeclimate): (1) Intermediate and deep sea (excluding the surface layer),
which includes 38,100 Gt of carbon as dissolved carbon, carbonates or bicarbonates; (2)
Atmospheric gases with 750 Gt carbon; (3) Soil containing 1580 Gt; and (4) Vegetation
and animals accounting for 610 Gt. Refer to Table 2.1.
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CO2 is the by-product of combustion processes involving organic fuels, such as
producing energy using fossil fuels, operating car engines or burning forests.

Table 2.1. Carbon Sinks Distribution
Carbon Sinks
Carbon Amount (Gigatons)
Intermediate and Deep Sea

38,100

Atmosphere

750

Soil

1580

Vegetation and Animals

610

The concentrations of CO2 in the atmosphere have risen from 280 ppm (parts per
million) to 360 ppm since 1900. Unchecked, it will pass 550 ppm this century. Scientists
agree that increases above the 450 ppm level might result in massive disruptions of global
climatic patterns. If nothing is done to reduce emissions, current climate models predict a
global warming of about 2°C long-term. This will affect the climatic zones of the world,
damage vulnerable ecosystems, raise mean sea level to risk flooding in low-lying areas
(http-thebet). The Intergovernmental Panel on Climate Change (IPCC) (http-ipcc) has
developed a widely cited energy scenario, IS92a, which predicts that the global CO2
emission will increase form 7.4 billion tons of atmospheric carbon per year (GtC/yr) in
1994 to roughly 20 GtC/yr by 2100 (Figure 2.1). According to the International Energy
Agency in 1999, 33% of CO2 emissions come from power plants, which generated the
largest portion of the total CO2 emissions (Figure 2.2).
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Figure 2.1. Global Carbon Dioxide Emission (IPCC, IS92a).

13%
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25%

Other (incl.
Heating)

Figure 2.2. CO2 Emission Statistics (http-manicore).

Means and Cost of Capturing Industrial CO2
The current available ways to reduce CO2 emissions are divided into three
categories (U.S. DOE, 2004). (1) Use less energy to accomplish the work economically.
(2) Utilize energy sources that don’t contain carbon, such as wind, solar, and nuclear, or
reduced carbon energy sources, i.e., natural gas instead of coal. (3) Mitigate greenhouse
gas by capturing carbon dioxide.
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Sequestration entails the capture and storage of CO2. Before CO2 gas can be
sequestered from power plants and other point sources, it must be captured as a relatively
pure gas. The existing capture technologies are not cost-effective. Air combustion is the
traditional process utilizing fossil fuels and most power plants adopt that process, but it
exhausts CO2 diluted with nitrogen. This gas from coal-fired power plants contains 10-12
percent CO2 by volume, while flue gas from natural gas combined cycle plants contain
only 3-6 percent CO2. For effective carbon sequestration, the CO2 in these exhaust gases
must be separated and concentrated.
Currently, there are three different approaches, namely (Wong and Bioletti, 2002):
1. Amine absorption. As the state-of-the-art technology for CO2 capture, amine
absorption has been commercially used for the removal of acid gas impurities (CO2 and
H2S) from process gas streams.
2. Low temperature distillation (cryogenic separation). Low temperature
distillation is a commercial process commonly used to liquefy and purify CO2 from
relatively high purity (>90%) sources. It cools the gases to a very low temperature in
order to liquefy the CO2 and then separate it.
3. Membranes. Based on different permeation of gases, membranes are used as a
barrier to allow certain gases to pass through. For CO2 separation, the membranes are
normally made from polymers.
The cost of CO2 capture using current technology, however, is on the order of
$150 per ton of carbon - much too high for carbon-emissions-reduction applications
(http-fossil). Analysis performed by SFA Pacific, Inc. indicates that adding existing
technologies for CO2 capture to an electricity-generation process could increase the cost
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of electricity by 2.5 cents to 4 cents/kWh, depending on the type of process. Further,
carbon dioxide capture is generally estimated to represent three-fourths of the total cost
of a capture, storage, transport, and sequestration system. It is apparent that some
revolutionary improvements must be obtained in the separation technology to reduce the
cost.

Means and Costs of Sequestering Industrial CO2
After separating CO2 from the flue gas, the following step is sequestration.
Sequestration is defined as the placement of CO2 into a repository where it can be stored
for hundreds of years (MacDonald et al., 1994). Sequestration technologies include
geological sequestration, terrestrial sequestration and ocean sequestration.
Geological Sequestration
Geological sequestration stores CO2 in a range of underground geologic
formations, such as oil and gas reservoirs, unmineable coal seams, and saline formations.
Although no one has adopted reservoir sequestration on a large scale, the oil companies
have been injecting CO2 into reservoirs for decades to extract more oil from wells by
reducing its viscosity and surface tension (Service, 2004). Norway’s Statoil has launched
a sequestration pilot project in the North Sea, sequestering the gas at a cost of about $15
per ton of CO2. In unmineable coal seams too deep to be mined, the coals have methane
adsorbed on pore surfaces. Such bed coal methane can be recovered by sweeping with
CO2, which preferentially adsorbs to the coal and displaces methane.
Currently, studies are directed toward minimizing the negative effects of coal
swelling, which lowers permeability for both CO2 and recovered methane. Saline
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formations, which are layers of porous rock saturated with brine, could react with
injected CO2 to form solid carbonates as a permanent storage. Currently, less is known
about this method.
Terrestrial Sequestration
Terrestrial sequestration increases CO2 uptake by plants that grow on land or in
freshwater (U.S. DOE, 2004). Importantly, it enhances carbon storage in soils where the
CO2 may remain more permanently stored. Vegetation and soils are widely recognized as
carbon storage sinks. The global biosphere absorbs roughly 2 billion tons of carbon
annually, an amount equal to roughly one third of all global carbon emissions from
human activity.
Significant amounts of carbon remain stored in the roots of certain plants and in
the soil. One fundamental approach to sequestering carbon in terrestrial ecosystems is to
protect ecosystems that store carbon so sequestration can be maintained or increased. A
second approach is to manipulate ecosystems to increase carbon sequestration beyond
prevalent conditions. Current studies are focusing on enhancing the natural processes that
remove CO2 from the atmosphere, which is thought to be one of the most cost-effective
means of reducing atmospheric levels of CO2. The cost of this option for sequestration is
around $10/ ton of avoided net costs.
Ocean Sequestration
CO2 is soluble in ocean water, and through natural processes the oceans both
absorb and emit huge amounts of CO2 (90 GtC/yr.) into the atmosphere (http-radix). In
fact, the amount of carbon stored in the ocean (38,100 GtC) dwarfs the carbon stored in
terrestrial ecosystems (610 GtC). It is widely believed that the oceans will eventually
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absorb 80-90 percent of the CO2 in the atmosphere and transfer it to the deep ocean (httpfossil). However, the kinetics of ocean uptake is slow.
At present, two options for sequestering CO2 in oceans are possible. One is to
speed up the natural absorption processes by oceans, and the other is to inject CO2
directly into the deep ocean. Most work now is focusing on understanding the
mechanisms of CO2 uptake in the ocean and assessing the environmental impacts of
increased CO2 ocean storage (http-fe-sequestration).

Methane Hydrates in Ocean Floors
Extent and Quantities
It is known that gas hydrates, containing mostly methane, have been formed
naturally on Earth and exist in vast quantities within and below permafrost zones, subsea
sediments in the Arctic, the Antarctic, and tropical and subtropical oceans (Englezos,
1993). In the ocean, methane hydrates are common constituents of the shallow marine
geosphere (Kvenvolden, 1993), and they occur both in deep sedimentary structures
(Dickens et al., 1997), and as outcrops on the ocean floor (MacDonald et al., 1994).
The primary source of methane trapped in hydrates is microbial decomposition of
organic matter in ocean sediments. This biogenic methane forms hydrates that
accumulate in shallow sea floor sediments. There is also another source, thermogenic
methane, which is produced by the combined action of heat, pressure and time on buried
organic material (http-netl-condition).
In the United States, large hydrate deposits have been identified and studied in
Alaska permafrost, offshore California to Washington, Blake Ridge offshore of the
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Carolinas, and the Gulf of Mexico. In 1995, the U.S. Geological Survey (USGS)
completed a detailed assessment of United States gas hydrate resources (http-fehydrates). The USGS study estimated this in-place natural gas resource to range from
112,000 trillion cubic feet to 676,000 trillion cubic feet with a mean value of 320,000
trillion cubic feet of natural gas. Subsequent refinements of the data in 1997 from Ocean
Drilling Program information adjusts the mean downward to around 200,000 trillion
cubic feet -- still larger by several orders of magnitude than previously thought and
dwarfing the estimated 1,400 trillion cubic feet of conventional recoverable gas resources
in the United States.
Worldwide estimates of the natural gas potential of methane hydrates approach
400 million trillion cubic feet -- a staggering figure compared to the 5,000 trillion cubic
feet that make up the world's currently known conventional gas reserves (http-fehydrates). And it should be noted that hydrate formation in the earth’s crust continues
today (Englezos, 1993).
Instability of the Hydrate Zone
The stable zone in ocean sediments over which hydrates can exist depends on
seawater depth, temperature, and gas composition. Once hydrates are established in the
stable zones of the sea floor, gas hydrate dissociation can result from pressure decrease
due to sea-level fall or water temperature increase.
USGS investigations indicate that gas hydrates may cause landslides on the
continental slope (http-marine-hydrates). The likely mechanism is that decompositions of
hydrates at the base of the hydrate zone convert consolidated hydrate sediments at this
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bottom layer to loose gas-charged sediments, which decrease shear strength and facilitate
the landslides.
Also, the decomposition of massive gas hydrates in sea floors may cause tsunamis
or other natural disasters, such as the 1986 Lake Nyos disaster (Rogers and Yevi, 1996).
After massive landslides on continental slopes, mud volcano eruptions, or other natural
causes, hydrate dissociation and the release of CH4 into the atmosphere could endanger
climate changes if sufficient hydrates dissociated.
Gas hydrates cause other seafloor instabilities. Natural gas pipelines laid from
production platforms to shore may warm sea floor sediments and decompose surrounding
hydrates. As a concern of the oil and gas industry, drilling through hydrate zones might
destabilize supporting foundations for platforms and production wells. Disruptions to the
ocean floor from hydrate decomposition also could result in surface slumping or faulting,
endangering work crews and the environment. Loss of seawater buoyancy because of
hydrate-released gas endangers supported structures on the sea surface.
Production Potential
The published estimates of potential natural gas supply from in situ ocean floor
gas hydrates is huge, approaching 400 million trillion cubic feet (http-fe-hydrates).
The first production tests of methane hydrate accumulations in the Nankai Trough
off Japan and in the Canadian Arctic have turned promising results (Englezos, 1993).
However, the vast bulk of the hydrates may occur as diffuse and widespread deposits
located beneath deep waters. An economical production technique is not known. A rough
calculation indicated that less than 1% of the total in-place gas in hydrates around the
United States could be recovered (Tomer et al., 2001). Even this small proportion
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represents twice the gas contained in the nation’s currently remaining conventional
natural gas reservoirs.
One impediment to gas production from hydrates is the low permeability of
hydrate-consolidated sediment, which hinders gas and fluid transport when using
conventional well drilling for extraction. From this viewpoint, it is thought that those
tectonically-active continental shelves, such as Japan’s Nankai Trough or North
America’s Cascadia Margin that are characterized by heterogeneous and more coarselygrained sediments, will have the best prospects for hydrates production (http-netlresource).
Current R&D studies on the production potential of methane hydrates focus on
the two issues of hydrate accumulation characteristics and cost-effective production
strategies. Methods of harvesting methane hydrates have already been proposed (httpornl), and are similar to those of the oil and gas industry: depressurization, thermal
stimulation or possibly solvent injection. However, economic or environmental problems
must be overcome in each proposal.

Capturing and Sequestering CO2 by Means of Gas Hydrates
Separating CO2 from Flue Gas by Hydrates
Glew (1966) proposed and patented the idea of using structure II (sII) hydrates to
separate propane and propylene; the principle lay on the different preferences for
molecular species in the hydrate formation. The separation property of hydrates went
more or less unnoticed for over 35 years until Sloan extended Glew’s idea to several
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close-boiling compounds and proposed a possible process for the hydrates separation
(Ballard, 2001).
Recently, as an urgent task emerged to find the least expensive and most energyconserving process for separating CO2 from a flue gas, the above hydrate principle was
applied.
CO2 hydrate separation technology is a new concept for recovering CO2 from the
flues gas, which normally predominantly contains N2 and CO2. This process is based on
formation of gas hydrates rich in carbon dioxide. (CO2 hydrates form at temperatures
near 32 ºF and at pressures from 10 to 70 atmospheres, depending on the other gases
present and the partial pressure of CO2 in the gas stream.) An apparent benefit of hydrate
separation is that it can avoid the use of expensive and energy intensive steam
regenerators that are needed to recover CO2 in existing absorbent-solvents separation
methods.
The initial experimental study was conducted at the California Institute of
Technology from 1993 to 1995. Their patent claimed that CO2 hydrates could be
produced in a flow-through system, which was validated later by Los Alamos National
Laboratory (LANL) (Wong and Bioletti, 2002). Their demonstration substantiated
potential for further industrial implementation of the hydrate technology.
A current project team, LANL, SIMTECHE and Nexant (Patent 6,352,576) (Tam
et al., 2001), are working to develop the Caltech process for CO2 hydrate separation into
a commercial process capturing CO2 from a shifted syngas (a mixture of mostly CO2 and
H2) prior to combustion in an IGCC (Integrated Gasification Combined Cycle) plant.
Their experimental work verified that H2 was not incorporated into the hydrate crystal; a
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35% hydrate conversion was the highest obtained. Their work to date has demonstrated
that hydrates can be formed in systems with very short residence times, and that
continuous operation is possible. Preliminary economics estimates showed that the cost
of carbon control in a IGCC plant would be about $8/short ton CO2, a significant
reduction from the $21/short ton CO2 when using conventional amine absorption.
The feasibility of the Simteche (Deppe et al., 2003) process was thereby
demonstrated. But in their bench scale experiment, a high feed-pressure up to 1000 psia
was used. Therefore, not only must the CO2 from the IGCC plant be compressed to
increase costs, but also the cost of the hydrate vessel to accommodate high pressures
could be very high.
Kang et al. (2001a) studied the hydrate phase equilibria of the gas mixture CO2,
N2, and THF at the temperature range of 272–275 K with different compositions of vapor
phase. Their results indicated that more than 96 mol% CO2 in the hydrates phase was
obtained from a gas mixture of 17 mol% CO2 and 83 mol% N2 at 274 K. Also, the
addition of a small amount of THF, which lowered the equilibrium pressure and elevated
the temperature, showed a significant hydrate promotion effect.
In all of their experiments, magnetic stirrers were used to agitate the water to get
an adequate gas-liquid contact. The agitation resulted in additional energy consumption
and potential processing costs.
As an additional advantage of the process, it has been proposed that CO2 hydrate
slurries could be pumped to sequestration sites without CO2 regeneration (Klara and
Srivastava, 2002).
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Potential barriers to this technology are the following: inability to release CO2
from the hydrate in an energy efficient manner; inefficient capture of CO2; unstable
hydrate; and trace contaminants interfering with hydrate formation.
Work still needs to be done on hydrate technology to capture CO2. Primarily,
hydrate formations in all processes to date need stirrers to mix the gas and water phases.
Economic means to form the hydrates have not been found. Also, a high conversion of
the hydrates must be achieved, otherwise, the excess water cycled will consume too much
energy.
CO2 Hydrate Formation as Liquid CO2 Injected to Ocean Floor
As a huge potential carbon storage sink, the oceans absorbs 2 Gt of carbon per
year from the atmosphere (Houghton et al., 1990). Compared to terrestrial ecosystems
and geologic formations, the concept of ocean sequestration is in a much earlier stage of
development, but much work is ongoing to evaluate its technical feasibility and
environmental impacts. Two features make deep ocean disposal of CO2 attractive. First,
because of ocean immensity and the geochemical buffer provided by the alkalinity of
seawater and the carbonate sediments, little disposed material will return to the
atmosphere. Second, CO2 can react with water at low temperatures and high pressures to
form solid gas hydrates (Brewer et al., 1999).
As an important feature of CO2 ocean sequestration, hydrates form when CO2 is
injected into the ocean at depths greater than about 400 m. This solid hydrate phase
decreases dissolution and dispersion of the CO2. Hydrate stability influences the period of
time that the CO2 remains trapped in the ocean and, hence, the effectiveness of the
greenhouse gas sequestration strategy. In hydrate forming regions, there are two types of
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CO2 hydrates expected to occur during CO2 sequestration in the ocean. One is a thin
hydrate film covering the interface between liquid CO2 and seawater; the other is a
hydrate precipitation from dense, CO2-rich seawater (Kojima et al., 2002).
Numerous methods are proposed for ocean CO2 sequestration that may be
classified into three types: (1) sequestering CO2 deeper than 3500 m on the bottom of the
sea, (2) releasing liquid CO2 into the sea deeper than 1000 m, (3) injecting CO2 gas into
the shallow sea (Kojima et al., 2002).
However, any ocean CO2 injection scenario presents economic and environmental
challenges. Lowering oceanic pH and increasing the CO2 concentration near the injection
point may present a biological impact. It is contended that environmental impacts
associated with a liquid CO2 pool and hydrates on the seafloor may be less severe than
those associated with dissolution and dispersion at intermediate depths. No matter what
technologies used, the deeper the injection, the higher the cost is.
Dissolution behavior of CO2 droplets covered with clathrate film was studied by
Aya et al at different temperatures and ambient CO2 concentrations (Aya, 1993). When
injecting the CO2 at the sea floor deeper than 3000 m, where liquid CO2 density becomes
heavier than that of ambient seawater, CO2 liquid droplets become surrounded by CO2
clathrate and make a CO2 pool at the sea floor. The clathrate-hydrate film favorably
suppresses the dissolution of CO2 into any undercurrents. Also, CO2-saturated seawater
forming around the hydrate film helps protect it from decay for a long time (Fujioka et al.,
1995).
To increase the sequestration efficiency, a co-flow reactor was designed and
tested (Lee et al., 2003) to produce a negatively buoyant CO2-seawater mixture under
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high pressure and low temperature conditions, simulating direct CO2 injection at
intermediate ocean depths of 1.0-1.3 km. The negative buoyant CO2-hydrate composite
was observed to sink in the test vessel. Their studies showed that the conversion from
liquid CO2 to CO2 hydrate increased with water flow rate, ambient pressure, and
residence time while decreasing with CO2 flow rate. Also, with a plume model, they
demonstrated that hydrate composite particles dissolve and sink through a total depth of
350 m. This could increase the residence time and prolong the storage of injected CO2.
Oak Ridge National Laboratory has performed field experiments to investigate the
direct injection of CO2 into the ocean at depths of 349 m to 3,627 m (Brewer et al., 1999).
Their experiments indicate that liquid CO2 on the seafloor, in the depth range 2700 m to
4500 m, quickly reacts with water, forms hydrate, and swells to many times its original
size. Hydrates were observed to form instantly from the gas phase at 349 m but then
decomposed rapidly in ambient seawater. Also, a pool of liquid CO2 on the seafloor
expands in volume to form hydrate, which then dissolves. The liquid CO2 on the seafloor
did not penetrate or appear to react with the sediment in any way. These ocean
experiments indicate that the permanent disposal of CO2 as a hydrate on the sea floor
might not be realistic. Since ocean sediments could fix and immobilize the CO2 hydrate,
injecting CO2 into sediments at a lower depth, where no liquid CO2 exists, to form
hydrates might be more promising.
The University of Hawaii and the U.S. Naval Research Laboratory have been
collaborating on an experiment in which about 40 tons of liquid CO2 will be injected
through an array of nozzles at an open ocean site at a depth of about 800 m. The results
are not yet available (Masutani and Coffin, 2001).
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The geochemical consequences of the storage of CO2 liquid on the seafloor have
been investigated. At 3000 m water depth and 4 ℃, the stable phases are CO2 hydrate
and brine with pH ranging from 3.5 to 5.0 (Harrison, 1995). This acidified brine has a
density of 1.04 g/cm3, displaces normal seawater, and reacts with underlying sediments.
Seafloor sediment has an intrinsic ability to neutralize the acid brine by dissolution of
calcite and clay minerals and by incorporation of CO2 into carbonates, including
magnesite and dawsonite. Large volumes of acidified brine, however, can deplete the
sediment’s buffer capacity, resulting in growth of additional CO2 hydrate in the sediment.
The brine could cause mortality in both plant and animal communities.
Displacing CH4 with CO2 in Hydrates
Research focuses on developing a method for commercially producing natural gas
from vast quantities of methane hydrates in subsea sediments. Injecting greenhouse gas
CO2 into deep seafloors to displace methane from hydrates is a possibility, thus
simultaneously sequestering CO2 and producing CH4 fuel; project costs might be
alleviated by the fuel value of the recovered methane.
According to the thermodynamics of CH4 and CO2 hydrates formation, CO2
hydrate forms at lower pressures and higher temperatures than CH4 hydrate does.
Moreover, the heat released from the formation of CO2 gas hydrate is greater than that
needed for CH4 hydrate dissociation. A utilization of the relative latent heats in a
displacement process could overcome the high cost of heat losses when injecting heat to
produce CH4 from hydrates.
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These characteristics introduce the idea of sequestering CO2 as clathrate hydrates
by injection of CO2 into naturally-occurring CH4-hydrate reservoirs in marine sediments,
where the CH4 hydrate decomposes from the heat released by the CO2 hydrate formation.
The recovered methane gas could help pay for the transportation and injection costs of
CO2; reforming CO2 hydrates to replace CH4 hydrates could preserve sediment stability.
As reported, both CH4 and CO2 hydrates occur naturally in ocean sediments.
Sediments at the deep seafloor are usually a few degrees centigrade. CO2 hydrate could
be formed in sediments over wide areas of ocean floor deeper than about 300 m where
the temperature is lower that 5℃. CO2 injected into the seafloor would form hydrates and
be an impermeable barrier, preventing CO2 from escaping into the ocean (Koide et al.,
1997). Shindo et al. (1993) proposed long-term storage of liquid CO2 in depressions of
very deep seabeds. A thin film of CO2 hydrate and a layer of CO2-saturated seawater
would protect heavy CO2 liquid in depressions of seabed deeper than 3700 m according
to Shindo.
The injection of CO2 below the seafloor offers several advantages for
sequestration. It may retard the return of CO2 to the atmosphere for long periods of time
and minimize any environmental impact on the benthic ecosystem. A number of marine
geological environments contain natural aquifers with impermeable seals that are
potentially suited for CO2 injection. According to the comparison (Goldberg, 1999) of
natural hydrate-bearing sediments and oceanic basalt crust as two possible locations, the
latter is more likely to accommodate a substantial volume of injected CO2.
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Sasaki and Akibayashi (2000) provided a model for calculating the aquifer
transmissibility, the CO2 injection rate, the inner diameter of the injection well, and the
number of wells for liquid CO2 disposal in the aquifer. The study showed the feasibility
of liquid CO2 disposal below the critical temperature in an aquifer about 200 m under the
seafloor. A CO2 hydrate cap would form in the sediment between the seafloor and the
aquifer. Even without the cap, liquid CO2 and CO2 hydrate form at the seafloor to prevent
CO2 leakage to the sea.
As of today, very little research has been reported on the methods of CO2
displacement of CH4 hydrates. Preliminary tests conducted at Gas Technology Institute
(GTI) have yielded promising results (Sivaraman, 2002). In their experiments, fine sand
sediment was mixed with about 11 ml water, the test cell was charged with pure methane
at 700 psi and 25℃, then cooled to 2℃. After hydrate formed in the sediments, excess
methane gas above the sediment was replaced by CO2 gas and a pressure of 550 psi was
maintained. Material balance calculation from the resulting data showed all methane gas
was recovered from the original hydrate at the end of the experiment.
Hirohama (Seiya et al., 1996) demonstrated conversion of CH4 hydrate to CO2
hydrate in the bulk phase and successfully recovered CH4 from the hydrate phase at a
pressure higher than CH4 hydrate dissociation. The recovery rate of CH4 from CH4hydrate soaked in liquid CO2 was measured at 274–277 K and 4–5 MPa. The CH4
recovery rate in liquid CO2 was much lower than that in gaseous N2, which doesn’t form
hydrate under that condition.

The formation of CO2-hydrate consumed all water

molecules, which had bound the recovered CH4.
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Raman spectroscopy was used by Yoon et al. (2004) to study the guest
replacement of CH4 hydrate with CO2 at 278K and 435 psi. He observed that the initial
replacement rate was very fast within 200 min, and then became slow; the complete
replacement lasted 150 hours. The CO2 hydrate formed in the outer layer was thought to
be a barrier against the diffusion of CO2, and it retarded the further dissociation of CH4
hydrate.
Until now, no experimental results or modeling for the conversion of CH4 hydrate
to CO2 hydrate in sediment have been published. Much research needs to be done in this
area.

Surfactants
A surfactant or surface-active agent is a chemical species that is active at the
interface between two phases, such as at the interface between hydrophilic and
hydrophobic phases. A surfactant contains both hydrophilic and hydrophobic groups.
This amphiphilic nature makes the surfactant molecules accumulate at the interface, and
modifies its surface tension (Atkins, 1994). For an oil-water system, the surfactant
molecules orient in such a way that the hydrophobic portion is attached to the
hydrocarbon molecules and the hydrophilic part stays in the water layer.
Most surfactants can cluster together as micelles, which are colloidal-sized
clusters of molecules oriented so that for their hydrophobic tails congregate, surrounded
by their hydrophilic heads. Micelles form only above the critical micelle concentration
(CMC) and above the Kraft temperature; they are important in industry and biology
partly because of their solubilizing function. Above the CMC, the surface tension and
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some other physical properties of the solution remain relatively constant even with the
addition of more surfactant.
Surfactants are generally classified into four groups: anionic, cationic, nonionic
and amphoteric (Mittal, 1977).
Synthetic Surfactants
Most synthetic surfactants currently in use are chemically derived from
petroleum. In 1834 the forerunner of today's synthetic surfactants was produced in the
form of a sulfated castor oil, which was used in the textile industry. Petroleum-based
surfactants can be toxicants, recalcitrant, and are often derived from complex synthetic
reactions making their production expensive. Their production sometimes results in the
production of toxic waste byproducts.
SDS (sodium dodecyl sulfate) is a common synthetic surfactant. SDS is an
anionic surfactant with molecular weight of 288.5 g/mole. The chemical formula for SDS
is C12H23SO4Na. The long alkyl tail (-C12H25) is the hydrophobic group and the sulfate
head (-SO4-2) is the hydrophilic group. At ambient and hydrate-forming conditions, the
CMC of a SDS solution was found to be 2725 ppm and 242 ppm, respectively (Zhong,
2000). SDS forms a spherical micelle with diameter of 33.4 Å. The alkyl groups exist in
the interior of the SDS micelle while the polar head (SO4-2) protrude into the water. Each
micelle contains 60 docecyl sulfate monomers and associates with 4398 water molecules
(Mackerell, 1995).
For fluorosurfactants, the hydrophobic part of the surfactant molecule contains
fluorine. At least one hydrogen atom in the hydrophobic segment of a surfactant has been
replaced by fluorine. The fluorocarbon portions of these molecules give the surfactants an
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extreme tendency to orient at interfaces because of the small affinity of fluorocarbon
molecules for water and the low interaction between fluorocarbon chains (http-dupont).
The hydrophobic part not only repels water but repels oil and fat as well (Kim et al.,
2000). Due to strong electronegativity of fluorine relative to hydrogen, flurosurfactants
can achieve surface tensions as low as 15 mN/m at 50 ppm (http-dupont). The
fluorosurfactants are especially known for their capacity in soblubizing CO2 gas.
FS-62 is an anionic fluorosurfactant from duPont with appreciable solubility in
polar organic solvents, water, and strong acids. Based on the hydrophile structure, it is
named sulfonate, the full name is Perfluoroalkylethanesulfonate. The hydrophobic part of
FS-62 is an anion. Its molecular weight is 435 g/mole. The structure is
CF3(CF2)5(CH2)2SO3X, where X=H or NH4.
FSP, an ammonium fluoroakyl phosphate, is a water-soluble, anionic
fluorosurfactant that gives low aqueous suface tensions with minimal foaming (Httpdupont). It is particularly effective at increasing the water wettability of solid-air and –
liquid interfaces. FSP has a molecular weight around 600 g/mole. Its structure is
(RFCH2CH2O)xP(O)(ONH4)y, where RF = F(CF2CF2)z, x=1 or 2, y=2 or 1, x+y=3, and
z=1 to about 7.
Biosurfactants
Biosurfactants are a structurally diverse group of surface-active molecules
produced naturally by microorganisms. Biosurfactants, as they are produced naturally,
may be more ecologically acceptable and biodegradable. Biosurfactants have the
following advantages compared with synthetic surfactants: lower toxicity, higher
biodegradability, better environmental compatibility, higher foaming selectivity, specific

30
activity at extreme temperatures /pH levels/salinity, and the ability to be synthesized from
renewable feed-stocks (Kim et al., 2000). As listed in Table 2.2, biosurfactants can be
grouped into five categories.

Table 2.2. Biosurfactant Classifications and Examples (Kothapalli, 2002)
Note: * Synthetic surfactants have similar structures with their bio counterparts.

Classification
Hydroxylated and crosslinked fatty acids
Polysaccharide-lipid
complexes
Glycolipids

Biosurfactant
DL-A-hydroxystearic
acid*
Snomax
Emulsan
Rhamnolipid

Microorganism
Cornybacterium lepus
Acinetobacter calcoaceticus
Pseudomonas aeruginosa

Lipoprotein-lipopeptides Surfactin

Bacillus subtilis

Phospholipids

Cornyebacterium insidiosum

DMPC*

Rhamnolipid is a biosurfactant produced by the bacterial strain Pseudomonas
aeruginosa. It is an anionic biosurfactant with a molecular diameter on the order of 5 nm.
Rhamnolipid can be mono-headed (consisting of a six-carbon sugar) or multi-headed as
well as mono-tailed (consisting of a seven-carbon alkyl) or multi-tailed. The chemical
structures of two types of rhamnolipid, one dual-headed and dual-tailed, the other monoheaded and dual-tailed, are shown in Figure 2.3 (Zhang and Miller, 1995).
The structure of rhamnolipid’s micelles heavily depends on solution pH, and the
shape of their micelles change from lamellae (bilayer sheets) to vesicles (hollow
bilayered, fluid-filled spheres) as pH increases from 5.0 to 8.0 (Thangamani and Shreve,
1994). Rhamnolipid mixtures have a low CMC value of 18 ppm in water at atmospheric
condition, while pure rhamnolipid has a CMC value of 60 mg/l (Champion et al., 1995).
Rhamnolipid can decrease water surface tension from 72 mN/m to 30 mN/m.
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The presence of Pseudomonas aeruginosa cellular material in the sediments
containing gas hydrates in the Gulf of Mexico has been identified (Lanoil et al., 2001).
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Figure 2.3. Chemical Structure of Rhamnolipid (Zhang and Miller, 1995)
Emulsan is a polyanionic surfactant having a molecular weight of approximately
980,000. It is a bioemulsifer produced from the Acinetobacter calcoaceticus (Rosenberg,
1993). Emulsan is classified as a polysaccharide-lipid complex; it does not form micelles
because of its large size and folding characteristic. Emulsan has a long polysaccharide
backbone with numerous hydroxyl and carboxylate groups attached. The basic unit
structure of Emulsan is shown in Figure 2.4.
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Although Emulsan does not reduce the surface tension of water solutions
significantly, it is effective in removing the emulsifying oil films used for oil remediation
of sand. Due to its many lipid side chains, Emulsan has the ability to spread out over an
oil surface with its lipid chains directed to the organic phase and its polysaccharide
backbone directed to the aqueous phase.
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Figure 2.4. Emulsan Unit Structure (Http- natick)
Snomax is an ice-nucleating protein, which is used to enhance the conversion of
droplets of water into snow (Http-telemet). It functions as a high-temperature nucleator,
which simply means that it is capable of initiating the freezing process at a higher
temperature. With Snomax, ice crystals will be made at 27°F; it is used to generate
artificial snow on ski slopes. The protein is derived from a tiny bacterium called
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Pseudomonas syringae. This naturally-occurring bacterium is found readily in nature.
Snomax is classified as a polysaccharide lipid complex.
Surfactin is a lipopeptide excreted by different strains of Bacillus subtilis. It is a
cyclic heptapeptide closed by a β-hydroxy fatty acid chain (Kakinuma et al., 1969). It
exhibits a powerful surface and interface activity since it lowers the surface tension of
water from 72 mN/m to 27 mN/m at a concentration as low as 50 ppm (Arima et al.,
1968). The adsorption, Γmax, of surfactin at the interface of dilute solutions (5 × 10−8 to 5
× 10−7M) is around 3 × 1018 molecule m−2, a value indicating that Surfactin molecules are
closely packed (Maget-Dana and Ptak, 1992). Surfactin spreads readily at the air-water
interface.
The structure of Surfactin micelles are found to be affected by pH and
temperature, which also affect the micropolarity of the micelles. Higher micropolarity
was found at lower pH (Osman et al., 1998).

Surfactant and Biosurfactant Effects on Hydrate Formation
Since the 1931 pipeline plugging with gas hydrate, research has been focused on
preventing hydrate formation by adding inhibitors. Methanol is the most popular thermal
inhibitor. Synthetic surfactants and polymers have been recognized to act either as
hydrate kinetic inhibitors or anti-agglomerators (Kelland, 1994).
Yousif et al. found that some polymers and copolymers can delay hydrate
formation at <1500 psia, while aqueous solutions of anionic surfactants enhance the rate
of hydrate formation (Yousif, 1994). In their experiments, SDS, polyoxyethylene nonyl
phenyl ether, a mixture of diethanolamide of C12-C14 carboxylic acid, and polyglycerol
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oleate were tested. Their experiments revealed that the surfactants do not influence the
equilibrium pressure and temperature of hydrate formation but do affect the kinetics of
hydrate formation. Karaalsan and Parlaktuna (1999) observed that the anionic surfactants
promote hydrate formation while the cationic surfactants inhibited the formation rate.
At a CMC of 242 ppm, Zhong and Rogers (2000) found SDS micellar solutions
increase gas hydrate formation rates and alter formation mechanism for ethane and
natural gas hydrates. The hydrate formation rate in a quiescent system increased by a
factor greater than 700 at or above the CMC of SDS. In an SDS solution, the hydrate
particles attach to each other and absorb and grow along the stainless-steel reactor.
The effect of biosurfactants on natural gas hydrate formation in sand/clay packs
saturated with seawater was investigated by Rogers et al. (2003). Rhamnolipid, Surfactin,
Snomax, Emulsan, phospholipids and fatty acid biosurfactants were found to individually
enhance hydrate formation rate and decrease hydrate induction time.
Most of the reported research dealing with hydrates catalyzed by surfactants
concentrates on surfactant’s effect on natural gas hydrate formation, however, little has
been reported on the use of surfactants to produce hydrates of the greenhouse gas CO2.
Some anionic phosphate fluorosurfactants have been reported to aid the dispersion of
water in the solvent of CO2 and stabilize Water/CO2 mircoemulsions (Keiper et al.,
2002). Snomax at 10 ppm can produce a 5% reduction in CO2 hydrate formation pressure
(Morgan et al., 1999). These results impel us to investigate the surfactant’s effect on CO2
hydrate formation in the subject study.
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Surfactant Adsorption
Adsorption is defined as adhesion to a solid surface or body by a gas, solute, or
liquid in an extremely thin layer of molecules. The substance that adsorbs is the adsorbate
and the underlying material is the adsorbent or substrate (Atkins, 1994). Molecules and
atoms can attach to surfaces in two ways: physisorption, where there is a van der Waals
interaction between the adsorbate and substrate, and chemisorption, where the particles
stick to the surface by forming a chemical bond. The reverse of adsorption is desorption.
Adsorption is widely used in the chemical industry for purification and separation
processes. Sloan (1990) has adopted single component Langmuir adsorption to interpret
the guest encapsulation in the hydrate cavity.
As the most important factor dominating the adsorption, the adsorbents are
characterized by surface properties such as surface area and polarity (Http-ias). Surface
polarity corresponds to affinity with polar substances such as water or alcohols. Polar
adsorbents are thus called hydrophilic and aluminosilicates such as zeolites, porous
alumina, silica gel or silica-alumina are examples of adsorbents of this type. On the other
hand, nonpolar adsorbents are generally hydrophobic. Carbonaceous adsorbents, polymer
adsorbents and silicalite are typical nonpolar adsorbents. These adsorbents have more
affinity with oil or hydrocarbons than water. Anionic surfactant ions adsorb on oppositely
charged surfaces by forming a primary layer where charged head groups are attached to
the surface and the hydrocarbon tails perpendicularly extend away from the metal
surface. In the secondary layer, surfactant ions are aligned in an opposite fashion to make
the hydrocarbon chains between the two layers interacting. At saturation, the surface is
covered with micelles (Dabrowski and Barnwal, 1996).
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Surfactant has been shown to facilitate hydrocarbon gas hydrate formation. A
possible mechanism of hydrate formation at the metal surface with SDS was proposed
(Zhong, 2000). SDS micelles can enhance the adsorption of water on a metal surface,
resulting in climb of the hydrate along the metal surface. In a series of porous media
experiments, some biosurfactants were found to adsorb on the surfaces of certain clays,
increase gas solubility, and catalyze gas hydrate formation (Kothapalli, 2002).

CHAPTER III
THEORETICAL BACKGROUND
Hydrate Structure and Properties
Gas hydrates are crystalline inclusion-compounds consisting of a hydrogenbonded water network of polyhedral water cavities which encage small gas molecules by
van der Waals forces. Presently, there are mainly three types of gas hydrate structures
known: structure I (sI) hydrate, structure II (sII) hydrate, and structure H (sH) hydrate.
These structures can be distinguished by the size of their cavities and the ratio of different
sizes of cavities. Their structures depend on sizes and shapes of the guest molecules that
are occluded. For a given gas species, the degree to which the structure is filled with gas
molecules depends on the external pressure and temperature. The water cages are
described with a general notation Xn, where X denotes the number of sides of a cage face,
n represents the number of cage faces having these X sides (Koh, 2002). The geometry of

the hydrate structure is shown in Table 3.1.
Structure I
Structure I hydrates contain two different types of cavity: a small pentagonal
dodecahedral cavity, denoted 512, and a larger tetrakaidecahedral cavity, denoted 51262. It
has a body-centered cubic unit cell, which consists of two small and six large cavities.
The structure I hydrate configuration is comprised of 46 water molecules and 8 gas
molecules, provided that the cavities are fully filled; when filled the hydrate number
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12

becomes 5.75. The 5
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type cavity is almost spherical with a radius of 3.91 Å, and the

51262 cavity has a radius of 4.33 Å resembling an oblate ellipsoid (Sloan, 1990). Methane,
ethane, carbon dioxide and hydrogen sulfide form structure I hydrate.
Structure II
Structure II hydrate forms a diamond cubic crystal. Its unit cell is composed of 16
small pentagonal dodecahedron 512 and 8 large hexakaidecahedron 51264 cavities. One
unit cell consists of 136 water molecules and 24 guest molecules, resulting in a hydrate
number of 5.67. As the most spherical cavity among the three types, the 16-hedra has a
radius of 4.68 Å; it can accommodate guest molecules as large as 6.6 Å. The smaller
guest molecules, such as methane, always assist in stabilizing the small cavities when the
larger components, such as propane and isobutane, form hydrates (Sloan, 1990).
Structure H
Structure H hydrate was discovered by Ripmester et al. (1987). It is now
considered an important structure for methane storage. The sH hydrate is a hexagonal
unit cell composed of three basic 512 cages as well as two 435663 cages and one 51268
cage. The 435663 cage contains three fairly strained square faces, six pentagonal faces and
three hexagonal faces, with a radius of 4.06 Å. The 51268 cage contains 12 pentagonal and
8 hexagonal faces with a radius of 5.71 Å. Structure H hydrates are double hydrates.
Small guest molecules, such as xenon, methane or hydrogen sulfide, occupy the two
small cages while a larger molecule (8Å-9Å) occupies the large cage. Before the
discovery of Structure H, iso-butane was known to be the heaviest hydrate former and
anything heavier than that was a non hydrate former, inhibiting hydrate formation.
However, it has been proven that much heavier molecules, such as methylcyclohexane
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can form gas hydrates, providing that a help gas, e.g., methane, xenon or nitrogen, fills
the small cavities in Structure H. Some of the large molecules can not be accommodated
in sII and sΙ but can fit into sH, such as cyclopentane.
In all types of hydrate structures, each cavity can accommodate only one guest
molecule. But a hydrate is not a perfect crystal due to its nonstoichiometric characteristic.
Most of the time, the full occupancy of the cavities can’t be achieved. In the case where a
guest gas fits in both small and large cavities, the empirical occupancies of the smaller
cavities usually are around 0.7 to 0.9, while the large cavities have almost no guest gas.
Sometimes, the occupancies for the large cavities are almost complete if the guest gas can
only fit in the large cavities, leaving small cavities empty. Table 3.1 details important
features of the various hydrate structures.
Table 3.1 Details of the Hydrate Structure (Sloan, 1990; Sloan 1998)
Gas hydrate structure

Structure I

Structure II

Structure H

Unit cell size (Å)

a = 12.0

a = 17.3

a = 12.26, c = 10.17
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136

34

2S●6L●46H2O

16S●8L●136H2O

3S●2S●L●34H2O

Water molecules
per unit cell
Ideal unit cell formula
Cavity
Number of cavities
per unit cell
Average cavity
radius (Å)
Cavity diameter (Å)

S
5

12

L
12 2

5 6

S
5

12

L
12 4

5 6

S
5

12

S’
3 6 3

L
12 8
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5 6

2

6

16

8

3

2

1

3.91

4.33

3.902

4.683

3.91

4.06

5.71

4.92

5.76

4.904

6.466

4.92

5.22

8.52
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Equilibrium P-T Conditions for CH4 and CO2
It is necessary to know the conditions of gas-hydrate formation in order to
separate CO2 from flue gas. Also, achieving displacement of CH4 by CO2 in the hydrate
state makes this knowledge essential. Sloan (1990) did a thorough accounting of
experimental works and computational methods for hydrate equilibria. The gas hydrate
initiation and formation process depends on gas composition, state of the water, ambient
pressure, and temperature (Makogon, 1981).
The pressure-temperature relationships of hydrate formation processes are usually
represented by phase diagrams for heterogeneous equilibrium systems with coordinates P
and T. Figure 3.1 shows combinations of temperatures and pressures (the phase
boundary) that marks the transition from a system of co-existing free methane gas and
pure water to solid methane hydrate. Four stability zones can be noted: (1) water ice plus
methane hydrate at low temperature and high pressure, (2) water ice plus methane gas at
low temperature and low pressure, (3) liquid water plus methane hydrate at moderate
temperature and high pressure, (4) liquid water plus methane gas at high temperature and
moderate pressures.
When conditions move to the left across the phase boundary, hydrate formation
occurs. Moving to the right across the boundary results in the dissociation of the hydrate
structure and the release of free water and methane. In general, a combination of low
temperature and high pressure is needed to support methane hydrate formation.
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Figure 3.1. Methane Hydrate Phase Diagram (http-emse)

Figure 3.2. CO2 Hydrate Phase Diagram (North et al., 1998)
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The similar phase equilibrium behavior of CO2-water is shown in Figure 3.2. It is
evident that CO2 hydrates form more easily than do CH4 hydrates, i.e., CO2 hydrates form
at a higher temperature for a given pressure or at a lower pressure for a given temperature.
It is known that addition of an electrolyte inhibits gas hydrate formation (Kang et
al., 1998). The electrolytes hinder water molecules from linking through hydrogen bonds.
This physicochemical phenomenon plays a major role in lowering the fugacity of water.
When inhibitors are present, a lower temperature and a higher pressure condition are
required for hydrates to form. The Englezos (1988) hydrate model predicts that methane
hydrate forms more readily in pure water than in seawater. A similar relationship was
calculated for CO2 hydrate (Englezos, 1992), and the prediction verified by Nishikawa et
al. (1992) in their experimental phase equilibrium data.
To understand the equilibrium thermodynamic limits of the CO2-N2 separation
process, the CSMHYD program provided by Sloan (1998) was used to construct the
phase equilibria diagrams of CO2-N2 mixtures in Figure 3.3. The diagram shows clearly
the necessary hydrate formation pressure and temperature for the CO2-N2 gas mixture,
providing a guide for designing a syngas separation experiment with gas hydrates.
Also from the CSMHYD program, hydrate compositions can be determined. At
32 ˚F and 265 psia, N2 occluded in hydrates only accounts for 1.08% of the gases in the
hydrates. Inferred from this difference is that a hydrate rich in CO2 could be formed with
the attendant possibility of capturing CO2 from syngas or flue gas via hydrate formation.
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Figure 3.3. CO2 and N2 Phase Diagram Comparison.

Composition of Gas Hydrate
To separate gas mixtures by occluding selective components into the hydrate state,
resulting gas composition in the hydrate must be determined. Composition of a hydrate
consisting of an individual component remains practically unchanged within a broad
range of pressures and temperatures. Only the molecular ratio n of water to gas is
changed because of the filling degree of the voids (Makogon, 1981). Hydrate
compositions of multicomponent systems can be determined from the composition of the
parent gas, pressure, and temperature.
In Makogon’s model (1981), the determination of gas composition in the solid
phase is based on two computations. First is the determination of the partial pressure of
the individual hydrate-forming components in the gas phase. Second is the determination
of the degree of filling of the small and large voids of the hydrate by hydrate-forming
components in Structure I and Structure II on the basis of Langmuir’s constants. The
degree of filling of the hydrate voids is determined as follows:
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θ isv =

C isv + ρ i
1 + ∑ C isv ρ i

(3-1)

θ ilv =

C ilv + ρ i
1 + ∑ C ilv ρ i

(3-2)

Then the relative content of the components in the hydrate are calculated.
Structure I

N iΙ =

(θ isv + 3θ ilv )
∑θ isv + 3∑θ ilv

(3-3)

Structure II

N iΙΙ =

2θ isv + θ ilv
2∑θ isv + ∑θ ilv

(3-4)

Where:
θi = the degree of filling of voids in the hydrate
Ci = Langmuir’s constants
ρ = partial pressure of the components in the gas phase
Ni = the mole fraction of the i-component of the guest gas in the hydrate
sv = small void
lv = large void

Hydrate Number
The hydrate formation reaction of gas and water can be expressed as Equation 3-5,
where X denotes the number of guest gas molecules and n is the hydrate number denoting
the number of the water molecules (Zhong, 2000).
X + n( H 2 O ) = X ⋅ n ( H 2 O )

(3-5)

With Equations 3-1 and 3-2, the value of n is obtained from
Structure I

n=
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2θ isv + 6θ ilv

(3-6)

45

n=

Structure II

136
16θ isv + 8θ ilv

(3-7)

The number n is dependent on pressure, temperature and the composition of the
gas in the gas phase. The ideal hydrate numbers for Structure I and Structure II are 5.75
and 5.67, respectively. Both of these values yield a structure which is 85 mole % water
(Sloan, 1990). In practice, it is difficult for all of the cavities to be occupied. Usually the
hydrate number is invariably higher than the ideal numbers.

Latent Heats of Hydrate Formation of CH4 and CO2
Hydrates liberate heat when forming. Conversely, hydrates absorb heat to
dissociate. In the case of hydrates with a single gas component, the heat of decomposition
of the hydrate equals the heat of its formation. However, for gas mixtures the heat of
decomposition exceeds that of formation, because in that case, the heat of decomposition
is determined by the differences of the composition between the gas and hydrate phases,
and the latter has a higher molecular weight (Makogon, 1981). A thorough investigation
on the heat of hydrate dissociation has been carried out by Handa (1986) using
calorimetric measurements.
Apart from the experimental literature data, the Clausius-Clapeyron equation has
been used for predicting the heat of dissociation of gas hydrates; the hydrate number n is
needed in the calculation. The following two equations represent the dissociation of CH4
and CO2 hydrate:
CH 4 ⋅ n( H 2 O) → CH 4 + n( H 2 O)

(3-8)
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CO2 ⋅ n( H 2 O) → CO2 + n( H 2 O)

(3-9)

where n is the hydration number. In Table 3.2 are listed hydrate numbers and dissociation
heat either predicted by model calculation or measured calorimetrically. It is recognized
that the model calculation can only be recommended as an alternative method; actual
calorimetric measurements are required for the best accuracy (Kang, 2001b).
Table 3.2.
Hydrate Number and Heat of Hydrate Formation/Dissociation
Guest
T (k)
n
∆H (kJ/mol)
Reference
CH4
273.15
6.07
53.81
Yoon (2003)
273.15
6.00
54.19
Handa (1986)
285
6.15
54.67
Rueff (1998)
278.15
5.97
57.65
Lievois (1990)
283.15
5.98
53.24
Lievois (1990)
274.15
6.38
56.84
Kang (2001b)
CO2
272
6.6±0.3
63.60
Anderson (2003)
272.12
6.23
20.60
Yoon (2003)
273.15
6.21
57.66
Yoon (2003)
273.65
7.23
65.22
Kang (2001b)
283
5.6±0.3
57.60
Anderson (2003)
As shown in Table 3.2, when hydrates dissociate into water and gas, Handa (1986)
measured the CH4 hydrate dissociation heat as 54.19 kJ/mole, and Kang et al. (2001)
measured the CO2 hydrate dissociation heat as 65.22 kJ/mole. That means the heat
released from the formation of CO2 hydrate is greater than needed for CH4 hydrate
dissociation. Under certain pressure and temperature conditions, the displacement of CH4
in the hydrate with CO2 is thermodynamically possible.
This idea is especially appealing for co-processes of sequestering CO2 in ocean
sediments by displacing methane in hydrates already in the sediments, thereby, possibly
avoiding seafloor instabilities, producing methane fuel to pay for the CO2 injection, and
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eliminating the major cost of down-hole heat losses in thermal processes to produce
methane.
Induction Time
When water and natural gas are in contact at hydrate-forming conditions, hydrates
do not usually form immediately. Vysniauskas and Bishnoi (1983) presented a three-step
mechanism for the nucleation of gas hydrates: initial clustering, critical size nucleation,
propagation, and crystal growth. They define induction time as the time period necessary
for the appearance of the very first hydrate cluster of supernucleus size; such a cluster is
capable of spontaneous overgrowth to a macroscopic size.
The induction time is a measure of the ability of a supersaturated system to
remain in the state of metastability. Its occurrence and significance in gas hydrate
crystallization have been evidenced and recognized. It depends not only on the initial
operating conditions like agitation, pressure, and temperature of the system but also
mainly on the measuring techniques used. There has been considerable progress in the
development of techniques for the reproducibility of induction time.
Natarajan’s experiments (1994) showed that at a high pressure (greater than 3.5
MPa) both structured and unstructured water give reproducible induction time, but the
reproducibility is not good at low pressure.
Sloan and Fleyfel (1991) developed a model for the determination of induction
time. They suggest that methane and krypton hydrates exhibit induction time while
ethane and carbon dioxide hydrates do not.
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Hydrate Formation Rate
After an induction time, hydrate crystal growth progresses in a non-stirred system
at the water-gas interface, resulting in a thin film of hydrates on the water surface.
Subsequent hydrate formation rate in the quiescent system is slow and is controlled by
the diffusion rate across the film. Traditionally, vigorous agitation is used to increase the
water-gas interfacial area to perpetuate a high hydrate formation rate. For a stirred
system, Vysniauskas and Bishnoi (1983) proposed a semi-empirical rate formulation.
a  γ
 ∆E a 

r = Aa s exp −
⋅P
 exp −
b 
 ∆T 
 RT 

(3-10)

where:
A

= lumped pre-exponential constant, cm3/cm2-min-bar

a

= arbitrary constant

as

= surface area, cm2

b

= arbitrary constant

∆Ea = energy of activation, kJ/mole
P

= system pressure, bar or kPa

R

= gas constant, kJ/mole

T

= temperature, K

∆T = supercooling, K
γ

= overall order of reaction with respect to pressure

Based on Equation 3-10, Zhong and Rogers (2000) developed a simplified
equation for a quiescent surfactant system. In their repeated experiments, all operating
parameters were kept constant except the system pressure. The equation reduced to:
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r = CP γ

(3-11)

where C is a constant, and the value of γ was found to be 2.776±0.185 with regression
analysis of the experimental data. With an effective surfactant in their system, hydrate
formation approached that of a stirred system.
Also, an equation describing the formation rate of hydrates in porous medium
with appropriate surfactant was obtained (Kothapalli, 2002). It has the same form as
Equation 3-11, except the value of γ, which was found to be 2.24.

CHAPTER IV
EXPERIMENTAL METHODS

The experimental methods consisted of two parts. Each part involved two stages.
The first part evaluated surfactant effects on CO2 separation processes via hydrate
formation from a bulk liquid phase without porous media. Effects of three synthetic
surfactants and three biosurfactants on CO2 hydrate formation were tested in the first
stage. In the second stage, a series of batch processes were conducted with CO2-N2 gas
mixture and distilled water to evaluate the surfactant’s catalytic effect on forming
hydrates as well as the surfactant’s enhancement of CO2 solubility and separation.
The second part evaluated the possibility of displacing CH4 in hydrates with CO2
gas from a liquid phase saturating porous media. In the first stage, a series of batch
processes were conducted to find a suitable biosurfactant that would facilitate the CO2
hydrate formation. Three kinds of biosurfactants were tested in porous medium. In the
second stage, several batch experiments were performed to investigate the possibility of
displacing the CH4 hydrate by injecting CO2 gas.

Batch Processes for CO2-N2 Separation
Batch Processes for Induction Time and Formation Rate (No Porous Media)
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In this section, the surfactant’s effects on rate of formation and induction time of CO2
hydrate formation from a bulk liquid phase without porous media were investigated.
A stainless-steel test cell manufactured by Parr Instrument Company was used for
both stages. A photograph of this test cell is shown in Figure 4.1. The test cell of 494 ml
internal volume was a Model 4762 constructed of 316 stainless steel and rated for a
maximum pressure of 2950 psi. The cell was 2.5 inches inside diameter by 5.94 inches
tall.
Pressure Transducer
Borescope
RTD Probe

Light source
Relief Valve

Figure 4.1. Photograph of Hydrate Reactor Vessel (Volume: 494ml)
The test cell had one port for a RTD (Resistance Temperature Detector) probe,
placed at the top of the cell through a 9/16th-inch branched fitting; the RTD allowed
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temperature measurement during the process when heat was liberated upon hydrate
formation. A pressure transducer was also mounted on the fitting and calibrated from 0 –
600 psig. The pressure relief valve was set to relieve at 700 psig and was fitted on one
end of the 9/16th-inch branch fitting; the valve prevented overload of the pressure inside
the cell.
Two ¼ inch i.d. viewing tubes extended into the cell through two FNPT (female
nominal pipe thread) ports, the short one allowed light input from a 150 watt source
transmitted by a fiber optics light guide; the long one enabled the observation of hydrate
formation through a camera probe inserted in it. Both viewing tubes were sealed at one
end with transparent sapphire windows pressure checked at 700 psi.
A 3-inch length with 1-1/16 inch i.d. aluminum tube on a 3-inch length with 1-3/8
inch i.d. polycarbonate tube were put into the cell separately for tests. The tubes were
drilled evenly with 3/16-inch holes around the wall to maintain contact between gas and
liquid on inside and outside of the vertically standing tubes.
The concentration of the surfactant solution was prepared by mixing the required
amount of surfactant in distilled water. A Mettler balance with an accuracy of ±0.0001 g
was used to weigh the surfactant. A 500 ml graduated cylinder was used to measure the
required distilled water. The solution was poured directly into the test cell.
The entire pressure test cell with surfactant solution was first submerged and
conditioned in a 4-gallon reservoir fitted with a stainless steel heating/cooling coil and
maintained at constant temperature with a Cole-Parmer circulating bath, and then
transferred to a Thermo NESLAB cooling bath for refrigeration.
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All the experimental data was automatically recorded by an Omega Data
Acquisition software, which recorded data every 25 seconds.
In both stages, a borescope was fitted to a 1/3-inch DSP (Digital Signal Processing)
color camera of Model GW-202D, which was connected with a VCR (Video Cassette
Recorder), through which the view inside the test cell was observed and recorded.
The following procedure was followed for each batch process:
1) Wash and clean the test cell with distilled water.
2) Pour 50 ml surfactant solution into the cell and seal it.
3) Pressurize the test cell with nitrogen gas to 450 psig to check for leaks.
4) Purge the test cell with CO2 gas three times at 50 psig after no leakage
detected.
5) Put the test cell in a 4-gallon reservoir at 65 ˚F, pressurize the test cell with
CO2 to the pressure just above desired, and leave it to equilibrate. If needed,
the cell pressure was adjusted to consistently reach the desired pressure.
6) Transfer the test cell to the cooling bath, which has been already set at 32 ˚F.
7) Start the data acquisition system to record the data of pressure and
temperature.
8) After hydrate forms, record the image on the VCR.
Batch Processes for Separation Efficiency
To investigate the efficiency of CO2-N2 separation through the hydrate mixture
formation with a surfactant solution, a series of experiments were performed with the
small test cell (volume: 494 ml).
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A surfactant mixture solution was prepared with 100 ppm FSP-62 and 1000 ppm
SDS.
A second stainless steel vessel was used as a mixer to get a desired composition
of CO2-N2 gas mixture. This mixer with an internal volume of 1360 ml was sealed by a
blind flange mounted with stainless steel fittings. One RTD and one pressure transducer
were fitted on it and connected to the data acquisition system. A relief valve set at 800 psi
was fitted on the blind flange. Two ports with valves were available for gas charge and
release. Figure 4.2 gives the experimental set-up.
Pressure transducer
RTD

Relieve valve

P

Vent to Atmosphere

T

Pressure transducer
Cooling bath

RTD T

P

Al tube
Solution

N2

Test Cell

N2-CO2 Mixer

CO2

Gas reservoir

Computer

Figure 4.2. Experimental Set-up for Assessing N2-CO2 Separation Efficiency
Before each run, a certain amount of mixture gas was prepared. Before mixing, a
rough calculation was made to estimate the injection amount according to the desired
final pressure. Based on the calculation, a certain amount of N2 gas was charged into the
mixer. After it came to equilibrium, the equilibrium data was used to do a second
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calculation to revise the final pressure. Then the CO2 gas was charged. A HP 6890 GC
was used to analyze gas composition.
The experimental procedure is described as follows:
1) Wash and clean the test cell with distilled water.
2) Pour 50 ml FS-62/SDS solution into the cell and seal it.
3) Pressurize the test cell with nitrogen gas to 450 psig to check for leaks.
4) Purge the test cell with N2-CO2 mixture gas three times at 50 psig after no
leakage detected.
5) Put the test cell in the cooling bath at 50 ˚F, pressurize the test cell with N2CO2 mixture gas to the desired pressure, and leave it to equilibrium. If needed,
adjust the cell pressure to consistently reach the desired pressure.
6) Start the data acquisition system to record the data of pressure and
temperature.
7) Take a sample for GC analysis.
8) Set the cooling bath temperature at 32 ˚F and start refrigeration.
9) When the mixture gas is cooled down to 32 ˚F, take a sample for GC analysis.
10) After hydrate forms, record the image on the VCR.
11) Eight hours later, when most hydrate has formed, take the last sample for GC
analysis.

Batch Processes for CH4 Hydrate Displacement by CO2 Injection
Batch Processes for Induction Time and Formation Rate
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In this first stage, the surfactant’s effect on formation rate and induction time of
CO2 hydrate in a series of sediments was investigated.
A test cell made of 304 stainless-steel with an internal volume of 3900 ml was
used. The test cell was sealed with blank flanges bolted to both ends. The top flange had
a phonographic serrated raised face with 0.79 mm concentric grooves to fit with a 2.4
mm thick Teflon gasket. On the top of the flange, a 2-inch thick and 4-inch diameter
transparent quartz window was bolted and sealed for visual observation. Figure 4.3
shows a photograph of this test cell.

View Window

RTD Probe

Cooling Coil

Pressure Transducer

Relief Valve

Figure 4.3. Photograph of Hydrate Reactor Vessel (Volume: 3900ml)
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A cooling coil made of 3/8-inch diameter 316 stainless steel tubing was fitted
inside the test cell. A similar cooling coil was also wrapped around the external wall.
Ethylene glycol coolant diluted by water was circulated through the coils by two coolant
circulators. The total cell was covered with insulation.
A gas input port with valve was on the upper wall of the test cell. An outlet port
protruded from the bottom flange. Two RTD probes were used, one extended into the cell
from an upper side port, another extended into the cell from one of the bottom ports. A
pressure transducer was affixed in a side port.
The lower part of the test cell was filled with 6 mm diameter glass beads from
Fisher Scientific.
A Teflon beaker was filled with the sediment sample, which was sand or
sand/clay mixture by a weight ratio of 10:1. A 1/16” D hole was drilled across the wall of
the beaker to allow the top RTD to be inserted to contact the top of the sample. The
beaker was seated on a 4-inch i.d and 3/8 inch thick Teflon plate on the glass beads. A
Mettler balance, as described previously, was used to weigh the desired amount of sand,
clay and surfactants. A graduated cylinder was used to measure the volume of seawater,
which was obtained from the Gulf of Mexico. The sediment sample was saturated with
surfactant solution dropped from a burette. The experimental set-up is sketched in Figure
4.4.
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Figure 4.4. Experimental Set-up for Biosurfactant Tests
The following procedure was conducted in the surfactant test stage:
1) Wash and clean the test cell with distilled water.
2) Wash and dry the glass beads with distilled water.
3) Pour certain amount of glass beads into the test cell.
4) Place the Teflon beaker with saturated sample into the test cell and seal it with
an air gun.
5) Pressurize the test cell with nitrogen gas to 350 psig to check for leaks.
6) Purge the test cell with CO2 gas three times at 50 psig after no leakage
detected.
7) Start the refrigeration with two coolant circulators set at 28 ˚F.
8) At the same time, start the Omega Data Acquisition system to record the data
of pressure and temperature every 25 seconds.
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Batch Processes for the Potential of Displacement
With the 494 ml volume test cell already described, several runs were conducted
to evaluate the potential of displacing CH4 hydrate with injection of CO2 gas. The
experimental set-up is shown in Figure 4.5.
Pressure transducer
RTD

Relieve valve

P

Sampling
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Pressure transducer

T

P

Vent to Atmosphere
Cooling bath

RTD
Al tube
Solution

Sampling

Surge tank

CH4

Test Cell

CO2

Gas reservoir

Computer

Figure 4.5. Experimental Set-up for Evaluating Displacing Potential
Before each run, a calculation was made to obtain the minimum pressure required
to form CH4 hydrate in order to determine the relief valve set point and the hydrate
formation condition. In the experiment, pure CH4 hydrate was first prepared in the test
cell submerged in a cooling bath. SDS solution at a concentration of 280 ppm was used to
catalyze CH4 hydrate formation. An aluminum tube used in the previous CO2-N2
separation test was set on the bottom of the test cell to provide additional interfacial area.
After the CH4 hydrate formed, a certain amount of CO2 gas was charged into the test cell.
A check valve was incorporated to prevent the release of CH4 gas from the test cell and to
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prevent the introduction of air into the cell when injecting CO2 gas. Periodic samplings
were performed and analyzed with a GC of model HP6890.
At the end of the run, to calculate the amount of CO2 added, some of the gas
mixture was dumped to a surge tank, a 1360 ml volume vessel, which had been used as a
mixer in N2-CO2 mixing.
All discharged CH4 or CH4-CO2 mixture was further mixed with N2 to a ratio of
1:10 in a safety tank and then vented up the hood.
The camera was used to observe hydrate formation.
The experimental procedure is described as follows:
1) Wash and clean the test cell with distilled water.
2) Pour 50 ml of 280 ppm SDS solution into the cell and seal it.
3) Pressurize the test cell with nitrogen gas to 680 psig and check for leaks.
4) Purge the test cell with CH4 gas three times at 50 psig after no leakage
detected.
5) Place the test cell in the cooling bath, pressurize it with CH4 gas and let the
system come to equilibrium at 50 ˚F. If needed, adjust the cell pressure to
consistently reach the desired pressure.
6) Set the cooling bath temperature at 32 ˚F; start refrigeration.
7) Start the data acquisition system to record the data of pressure and
temperature.
8) After hydrate is observed through the borescope, charge CO2 into the test cell
through a check valve at a slow speed in order to keep the interior temperature
undisturbed.

61
9) After a certain time when there is no fluctuation of pressure or temperature,
take a sample for GC analysis.
10) Set the cooling bath temperature at 64 ˚F to decompose the hydrate mixture.
11) Dump part of the mixture gas to the surge tank, which initially contained one
atmosphere of CO2 gas.
12) Take samples from both test cell and surge tank for GC analysis.

Adsorption of Biosurfactants
To investigate the adsorption effect of biosurfactants on the sediments and any
accompanying catalysis influence on CO2 hydrate formation, a Tentec surface
tensiometer of model ST–PLUS was used. This investigation was accomplished by
measuring the initial and final surface tensions of the biosurfactant-seawater solution,
which was prepared and drained through the sediments into a PYREX® glass container
used for surface tension measurement. A Teflon tube with 4-7/8 inch length and 1-1/8
inch i.d. was used to contain the media packing; one of its ends was fitted with doublelayered steel mesh to allow the drainage of the solution and decrease the loss of sediment
as well. A Teflon concentric plate was pasted to this end to make it stand stably. Forty
grams of sediment were prepared by pure sand or sand mixed with clay (bentonite, kaolin
et al.) at weight ratio of 10:1.
The experimental procedure is described as follows:
1) Prepare the 1000 ppm biosurfactant-seawater solution and measure the surface
tension.
2) Place 40 g sediment in the Teflon tube.

62
3) Put Teflon tube to stand in a small glass container.
4) Soak the sediment by pouring 20 ml solution into the tube, and then leave it
for half an hour for full saturation.
5) Collect the drainage in the glass container and measure the surface tension.

Materials and Equipment
Seawater
The seawater was obtained from the Gulf of Mexico.
Distilled Water
The distilled water was processed in the Chemical Engineering Department at
Mississippi State University.
Ottawa Sand
Ottawa sand with a purity of 99.0 – 99.9% by weight was purchased from
Spectrum Chemicals of Gardena, CA. The main component is SiO2. The grain size is
between 20 to 30 mesh units.
Kaolin
Kaolin (china clay), in a form of white powder, has a specific weight of 2.6. Its
melting point is 1785℃, and it is formed as a result of the decomposition of the aluminasilicate minerals, especially the feldspars. Kaolin has a face-centered cubic structure. It is
a hydrous aluminium silicate composed essentially of the mineral kaolinite, which has a
formula Al2O3⋅2SiO2⋅2H2OSi2. It was purchased from Spectrum Quality Product Inc.
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Bentonite
Bentonite was purchased from Sigma Chemical Company. Bentonite is a soft
smectite clay substance composed essentially of clay minerals of the montmorillonite
group with a molecular structure of Al2O3·4SiO2·H2O. Its color is light grey. When wet
it is highly plastic and slippery.
Nontronite
Nontronite (Iron sodium smectite) was purchased from Ward’s Natural Science
Establishment,

Inc.

Nontronite

has

a

empirical

chemical

structure

of

Na0.3Fe3+2Si3AlO10(OH)2·4(H2O). It has a greenish yellow color.
Illite
Illite was purchased from Ward’s Natural Science Establishment, Inc. It has a
formula of (K,H3O)(Al,Mg,Fe)2(Si,Al)4O10[(OH)2,H2O]. Illite is a general term for a
group of mica-like clay minerals. It is essentially hydrous aluminum silicate. Because
illite has less substitution for Al or Si, contains more water, and K is partly replaced by
Ca and Mg, illite differs form micas. Illites have an earthy gray color.
CH4-C2H6 Mixture Gas
The mixture gas was used to form natural gas hydrates, which was prepared for
CO2 displacement potential. It was purchased from NexAir, Inc. of Memphis, TN. The
gas composition was 90.6% methane, 9.4% ethane.
CH4 Gas
The CH4 gas used in evaluation of CO2 displacement potential was purchased
from Aeriform Corporation of Houston, TX.
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N2 Gas
The N2 gas used in investigating N2-CO2 separation efficiency was purchased
from NexAir, Inc. of Memphis, TN. The gas purity was 99.8%.
CO2 Gas
The CO2 gas used in all experiments was purchased from NexAir, Inc. of
Memphis, TN. The gas purity was 99%.
Rhamnolipid
The biosurfactant rhamnolipid with a product name JBR 425 was purchased from
the Jeneil Biosurfactant Company. The rhamnolipid has a concentration at 25% of active
rhamnolipid in water solution. In JBR 425, two types of rhamnolipid, R1 (C26H48O9) and
R2 (C32H58O13) types are present.
Emulsan
Emulsan, derived from the bacteria Acinetobacter calcoaceticus, is a
bioemulsifier in a form of yellow powder and has a pungent odor. It is a polysaccharidelipid complex; Emulsan consists of a long polysaccharide backbone having a molecular
weight of approximately 980,000.
Snomax
Snomax was purchased from York Snow Inc. in New York. As a commonly used
high temperature nucleator, Snomax is used to enhance the conversion of droplets of
water into snow on ski slopes. The ice-nucleating protein is derived from the bacterium
called Pseudomonas syringae. Snomax is classified as a polysaccharide lipid complex.
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Surfactin
Surfactin was produced in the Hydrate Laboratory at Mississippi State University.
Using glucose as the carbon source, Surfactin was produced by culturing Bacillus Subtilis
under aerobic conditions. Its concentration was above the CMC as determined by surface
tension, but the exact concentration value was not known. Surfactin falls into the
classification of lipopeptides.
SDS (Sodium Dodecyl Sulfate)
SDS was purchased from Aldrich Chemical Company, Inc. It is a white powder,
and SDS has a molecular weight of 288.38 g/mole. The chemical formula is
C12H23SO4Na.
ZonylFS-62
FS-62 was purchased from DuPont Performance Chemicals. It is an anionic
fluorosurfactant with the full name Perfluoroalkylethanesulfonates. Its molecular weight
is 435 g/mole. The structure is CF3(CF2)5(CH2)2SO3X, where X=H or NH4. FS-62
consists of 25% surfactant, 2% acetic acid, and water as the remainder.
ZonylFSP
FSP, an ammonium fluoroakyl phosphate, was also purchased form DuPont
Performance Chemicals. It has a molecular weight of approximately 600 g/mole; its
structure is (RfCH2CH2O)xP(O)(ONH4)y, where Rf=F(CF2CF2)z, x=1 or 2, y=2 or 1,
x+y=3, and z=1 to about 7. FSP consists of 35% fluorosurfactant, 20% isopropyl alcohol,
and 45% water.
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Mettler Balance
An AG285 model balance purchased from Mettler-Toledo, Inc. was used for all
mass weighings. The instrument has an accuracy of ±0.01 mg with a repeatability of ±0.1
mg, the balance has a maximum capacity of 210 g.
Cooling Bath I
A Model RTE-17 constant-temperature bath purchased from Thermo NESLAB
was used to maintain the desired temperatures for hydrate formation in all runs except
when evaluating biosurfactant effects on CO2 hydrate formation in sediments. The unit’s
temperature range is from –22oC to +150oC with a temperature stability of ±0.01oC. The
unit has an air-cooled refrigeration system. The constant-temperature bath unit has a
capacity of 4.5-gallons. Distilled water was used as the circulating medium in the
experiments.
Cooling Bath II, IV
Two circulating baths were used in runs which evaluated biosurfactant effects for
CO2 hydrate formation in sediments. Diluted ethylene glycol was circulated in the baths
to get a low temperature 31 ˚F. The baths was purchased from Cole-Palmer Instrument
Company. Each bath can maintain a constant temperature ranging from -20 oC to 150 oC
with an accuracy of ±0.1oC and has a capacity of 6 liters.
Surface Tensiometer
A ST-PLUS model surface tensiometer purchased from Tantec, Inc. was used to
measure the surface tension of the surfactant solutions. The surface tensiometer has a
measurement range from 0 to 100 mN/m with an accuracy of ±0.01 mN/m. Three
measuring methods: Wilhelmy Plate, Wilhelmy Plate with Detach, and DuNouy Ring
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were provided. The Wilhelmy Plate with Detach method was performed in all
measurements.
pH meter
A pH meter of Model 620 with temperature display purchased from Thermo
Orion was employed to determine pH value of surfactant solution. The instrument has a
capacity range from 0.00 to 14.00 with an accuracy of ±0.01.
RTD probes
Three RTDs of model 3-wire Platinum 100Ω were used in these experiments.
They were purchased from Omega. The probes have a standard temperature deviation of

±0.3oC at 0oC and ±0.8oC at 100oC. A 1/8-inch 304 stainless steel sheath covered each
probe. The RTDs were calibrated for a range of 25oF to 75oF.
Pressure Transducer I
A Model PX02C1-500G5T pressure transducer, with a pressure range of 0-1000
psig, used in the small test cell was purchased from Omegadyne, Inc. The pressure
transducer was calibrated from 0 to 650 psig.
Pressure Transducer II
A Model TJE/708-18-10 pressure transducer, with a pressure range of 0-500 psig,
used in the large test cell was purchased from SENSOTEC. The pressure transducer was
calibrated from 0 to 500 psig.
Data Acquisition System
The RTDs and pressure transducers were all connected to a data acquisition
system, which was comprised of two WB-DynaRes 8/16 data acquisition boards (Model
WB-T71) that were inserted into the expansion slots of the computer. The panels as well
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as software were purchased from the Omega Engineering Inc. The software with a name
Quicklog for Windows was installed in the computer. Sixteen channels were available for
recording data at one time. The data recorded was stored in files for future inspection.
GC Analysis System
A GC (Gas Chromatograph) HP 6890 along with a HP Vectra XA model PC was
purchased from Hewlett-Packard Company. The GC has a HPPLOT-Q (porous-layer
open tubular) column with a length of 30.0 m, diameter 530 µm, and a FID (flame
ionization detector). The HP ChemStation software was installed in the PC, through
which the purge condition, injector temperature, oven temperature, and column gas flow
rate could be adjusted. Gas samples were manually injected into the GC with a syringe.
When being transported through the capillary column to the FID by the inert carrier gas
(helium), the gas mixture was separated and then the organic components were pyrolyzed
with the hydrogen/air flame; simultaneously, the ion currents were generated and
recorded. The analytical result was automatically assigned a name and stored in the
computer.

CHAPTER V
RESULTS AND DISCUSSION

This research focused on evaluating the application of CO2 hydrate to flue gas
separation and sequestration in ocean sediments. A method was introduced to use a
surfactant to catalyze hydrate formation and selectively promote CO2 capture. To
understand the mechanism and assess the surfactant effect involved, under constant heat
transfer rates and non-isobaric conditions, the induction time and formation rate were
investigated for CO2 hydrate formation both in solution and in porous media. At the same
time, the adsorption of the surfactant on sediments was studied. Also, the gas separation
efficiency and displacing assistance of certain surfactants were assessed.

Effect of Synthetic Surfactants & Biosurfactants on CO2 Hydrate Formation
To determine the effect of the surfactant and select the proper surfactant, a series
of comparisons based on hydrate induction time and formation rate were conducted. By
definition, induction time gives a clear recognition of how fast the CO2 hydrates form. In
this research, induction time is defined as the time difference between the onset of
distinguishable hydrate crystallization and the time at which the gas hydrate equilibrium
line is crossed during system cool-down.
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Figure 5.1 shows a typical induction time determination in a diagram of pressure
versus temperature for CO2 hydrate formation. Because latent heat is liberated and the
system temperature rises when hydrates form, the onset of hydrate formation can be
distinguished. This phenomenon was verified by visual observation through a borescope
inserted into the test cell and is evident in the plot of P-T of Figure 5.1.
Three parameters were calculated to reflect hydrate formation rate: (1) Peak
Formation Rate, refers to highest value among a series of consecutive formation rate
points, which are the amounts of CO2 gas consumption per 25 seconds during hydrate
formation, see Figure 5.2. Based on the fact that the number of moles of gas in the free
gas phase decreases as hydrates form, the following formula was developed to calculate
each formation rate point:
∆n =

P
V  Pf
⋅
− i

R  z f T f z i Ti

− r formation =






∆n
∆θ

where:

∆n = number of moles of gas consumed
P = pressure
V = volume of test vessel
z = compressibility factor
T = temperature
R = universal gas constant

θ = time

(5-1)

(5-2)
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r = formation rate
(2) Average Formation Rate, which was the averaged value of the formation rate over a
certain period, and (3) Pressure Gradient ∆P/∆θ, which was the slope of the selected
segment along the pressure vs. time curve, as shown in Figure 5.3. The slope equation
was given as:
P = −0.05θ + 399.04

(5-3)

where:

P = Pressure; θ = Time
The average formation rate was chosen as the most accurate and repeatable outcome that
could be measured and calculated.
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Figure 5.1. Induction Time in CO2 Hydrate Formation
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Figure 5.3. Pressure Gradient in CO2 Hydrate Formation

Induction Time Comparison
In gas separation processes by hydrate formation, induction time plays an
important role in determining the efficiency of a potential scale-up process. A long
induction time would make this technology impracticable. In the case of CH4
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displacement by CO2, a short induction time is desired to expedite fixation of CO2 in
ocean sediments.
When evaluating induction times of prospective surfactants, temperature,
pressure, cooling rate, interfacial surface area, and system properties were kept constant.
Thus, difference in induction time depended solely on the different performances of the
surfactants. While one run was conducted with no surfactant to get the base condition, the
other runs involved six different surfactants: Emulsan, Surfactin, Rhamnolipid, SDS, FSP
and FS-62.
All of the surfactant solutions were at known concentrations above their CMC,
except Surfactin, a biosurfactant produced in our laboratory. Although concentration was
not known, it was confirmed that the Surfactin solution was above its CMC based on
Wilhelmy tensiometer measurement. The data including surfactant types, concentration,
surface tension and induction-time-variation-percentage are listed in Table 5.1.

Table 5.1 Induction Time with Aluminum Tube in the Test Cell
Induction Time

Surfactant

Concentration
(ppm)

Surface
Tension
(mN/m)

% Change
of Induction
Minutes Normalized
Time

None

-

72.9

29.0

1.00

-

Emulsan

1000

41.4

291.3

10.05

904.9%

Surfactin

-

31.1

36.9

1.27

27.2%

Rhamnolipid

1000

28.0

147.0

5.07

407.0%

SDS

1000

34.3

42.3

1.46

46.0%

FSP/SDS

100/1000

26.9

21.4

0.74

-26.3%

FS-62/SDS

100/1000

33.1

45.3

1.56

56.1%
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Figure 5.4. Effect of Surfactants on Induction Time of CO2 Hydrate Formation

Figure 5.4 gives the histogram of induction time comparisons with different
surfactants employed. It is obvious that FSP/SDS, which was a surfactant mixture of 100
ppm FSP with 1000 ppm SDS, has the most catalytic effect on reducing hydrate
induction time. As listed in Table 5.1, the combination decreased induction time by
26.3% compared to the base case which had no surfactant in the solution; all other
surfactants and biosurfactants increased CO2 hydrate induction time.
SDS was reported to reduce the induction time of ethane hydrate formation
(Zhong, 2000), and biosurfactants (Rhamnolipid, Surfactin, Emulsan) dramatically
reduced the induction time of natural gas hydrate formation in sediments (Kothapalli,
2002). However, in this research with CO2 hydrates, contrary to those previous
conclusions with hydrocarbon gases, SDS alone retarded the CO2 hydrate formation by
46%, and the most promising biosurfactant with hydrocarbon gases, Surfactin, also
increased the induction time with CO2 by 27.2%. Then, in an ascending order of time,
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Rhamnolipid and Emulsan exhibited a large retarding effect by factors of 5.07 and 10.05
respectively. Although demonstrating a hindering effect on the CO2 hydrate crystal
initiation, the biosurfactant’s effects are still consistent with Kothapalli’s (2002) findings
in the sense that the catalytic effects of Surfactin, Rhamnolipid and Emulsan in reducing
the CO2 hydrate induction time were in the same decreasing order as observed for
hydrocarbon hydrates.
By adding individually the fluorosurfactants, FSP and FS-62, to the SDS solution,
the former decreased induction time by 26.3% with the combined effect. The latter was
not as effective as SDS alone, as measured by induction time.
Formation Rate Comparison
By using the method described earlier with the Soave equation of state, all of the
hydrate formation rates with or without surfactants were calculated and listed in Table
5.2, and a more explicit histogram for the purpose of comparison is presented in Figure
5.5.

Table 5.2 Formation Rate with Aluminum Tube in the Test Cell
Surfactant

Concentration Surface Tension
(ppm)
(mN/m)

Averaged Formation
% Change of
Rate
Formation Rate
mmol/min Normalized

None

-

72.9

0.0320

1.00

-

Emulsan

1000

41.4

0.0134

0.42

-58.1%

Surfactin

-

31.1

0.0221

0.69

-30.9%

Rham.

1000

28.0

0.0439

1.37

37.2%

SDS

1000

34.3

0.0590

1.84

84.4%

FSP/SDS

100/1000

26.9

0.0936

2.93

192.5%

FS-62/SDS

100/1000

33.1

0.1239

3.87

287.2%
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Figure 5.5 Effect of Surfactants on Formation Rate of CO2 Hydrate

It is very evident from Figure 5.5 that the surfactant mixture FS-62/SDS with a
concentration 100 ppm/1000 ppm has the highest formation rate of 0.1239
mmole/minute, increasing the formation rate by about 2.87 times compared to the base
case without surfactant. Also, the FSP/SDS micellar solution increased formation rate to
a lesser but still impressive degree, 192.5%. The SDS and Rhamnolipid both showed a
catalytic effect by increasing formation rate 84.4% and 37.2% individually, but not as
prominently as the fluorosurfactants. Again, Surfactin and Emulsan seem to restrain the
CO2 hydrate formation rate and decreased the formation rate by 30.9% and 58.1%,
respectively.
CO2 Solubility Effect on Hydrate Formation
The solubility of CO2 in water is a function of temperature, pressure and salinity.
The amount of CO2 that can be dissolved in saline brine can be estimated by combining
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published experimental work. The solubility of CO2 in fresh water increases with
increasing pressure and decreasing temperature and can be estimated from the
experimental work of Duan et al. (2003). At the hydrate forming condition, 32.13 °F and
393 psig, the solubility of CO2 gas was calculated from Duan’s data to be 0.0775 moles
in 50 ml distilled water, the amount of water in our hydrate experiments.
A possible mechanism for CO2 hydrate formation is offered. When CO2 dissolves
in water solution at hydrate-forming conditions, some hydrate-like structures form in the
liquid phase, i.e., the structure of water around CO2 in the solution becomes similar to
that of hydrate cage; water becomes structured as a precursor to hydrate formation. The
average formation rate is of order ranging from 0.01 to 0.1 mmole/minute in our system,
which is much lower than the solubility of CO2 in distilled water. This suggests that the
amount of dissolved CO2 is already sufficient to initiate the onset of hydrates. Note also
that the surface tension between CO2 and water at high pressures, 20 mN/m (Rocha et al.,
1999), is below that for water-hydrocarbon interfaces. This lower surface tension is
consistent with higher miscibility between CO2 and water versus hydrocarbons and water.
These facts enable a short induction time for CO2 hydrate formation. Assuming an
empirical hydration number of about 6.2, then a total conversion of 50 ml water to CO2
hydrate needs 0.448 moles of CO2 gas. From this perspective, CO2 solubility accounts for
only a small part of the free gas consumed. It might not be sufficient to sustain a high
formation rate in distilled water, although it could be sufficient to initiate hydrate
crystallization and cause a short induction time. However, with the addition of
surfactants, this situation could be changed if CO2 solubility is appreciably increased.
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Packing Style of CO2 Hydrates
An orderly packing style for hydrate will play a fundamental role in hydrate
formation rate and efficiency of free water. Surfactant has been reported to help orient
hydrocarbon hydrate packing along a metal wall (Zhong, 2000). In this research, a
camera with borescope was used to observe and record the image of CO2 hydrate when it
formed. As shown in Figure 5.6.a, when there is no surfactant involved, the CO2 hydrate
packed both inside and outside the aluminum tube randomly en masse.
The most erratic phenomenon was observed when Emulsan was present in Figure
5.6.b. Just sparsely dispersed nodular hydrate formed at the bottom of the test cell, and
there was no evidence that the hydrate absorbed on the metal wall. It is also evident that
most of the surface above the solution was covered by an Emulsan particle layer. As
Emulsan does not form micelles and it is less soluble in the water, a possible reason is
that when CO2 hydrate formed, more Emulsan particles were squeezed out of the solution
and accumulated on the surface, further restraining the CO2 gas from contacting the water
surface.
Clearly shown in Figure 5.6.c, Surfactin also did not show a marked positive
effect on hydrate packing style, although it may arrange the hydrates in a regular
structure as the hydrate absorbed along the inside wall of the aluminum tube with a
centripetal orientation; the hydrate was not en masse and only a hydrate film formed in
the annular part.
With Rhamnolipid in Figure 5.6.d, CO2 hydrate amount was apparently small and
packed almost exclusively on the inside of the aluminum tube with less absorbed on the
bottom of the outside wall in a needle-like structure.
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With SDS micellar solution used, it is observed in Figure 5.6.e that a more regular
structured CO2 hydrate packed in a tight way and preferentially gathered along the
cylindrical wall inside of aluminum tube.
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Al-tube

(c) Surfactin

(d) Rhamnolipid

Needle-like Hydrate
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Hydrates

Al-tube

Hydrates

Al-tube

(e) SDS

(f) FSP/SDS
Al-tube

Hydrates

(g) FS-62/SDS
Figure 5.6. CO2 Gas Hydrate Packing Styles with and without Surfactants
In Figure 5.6.f, when FSP/SDS was involved, hydrate absorbed on both inside and
outside of the tube in addition to some accumulated in the tube center; this packing style
is the most attractive because the hydrate made full and efficient use of the space.
Although appearing in a less regular packing configuration, the CO2 hydrate
formed from FS-62/SDS displayed a fuller development all over the test cell, not only
inside the aluminum tube but also in the annular part. See Figure 5.6.g.
When using FSP/SDS, a complete CO2 hydrate formation process was observed
and recorded sequentially in Figure 5.7. The hydrate started to form first on the inside
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wall of the aluminum tube (a) and then stretched toward the center in needle-like shape
(b). Meanwhile, the hydrate climbed along the tube wall (c), and finally reached the top
of the tube (d).

Al-tube
Al-tube
Hydrates

(a) Hydrate started to form

Hydrates

(b) Hydrate accumulated on the wall

Al-tube

Al-tube

Hydrates

(c) Hydrate stretched toward the center

Hydrates

(d) Hydrate formation completed

Figure 5.7. CO2 Gas Hydrate Formation Process with FSP/SDS
Surfactant Effect on CO2 Hydrate Formation
Surfactants are known to increase interfacial area of gas-liquid phases and thus
increase the solubility of gases in solution. SDS has been verified to increase the natural
gas solubility in water by locally concentrating hydrocarbon gases in the SDS micelles
(Zhong, 2000). This surfactant property exerts a significant improvement on natural gas
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hydrate induction time and formation rate because hydrate formation needs an adequate
interfacial contact to sustain growth. Also important is the adsorption of the surfactants
on a solid surface at the gas-water interface because it renews the solid surface, renewing
the interface of gas and water. It should be noted that hydrate formation rate after
induction depends on mass transfer rate of the guest gas to nucleation sites. Gas hydrate
formation mechanism in presence of surfactant follows a sequence: (1) Micelles
solubilize and localize more guest gas. (2) Surfactant adsorbs on metal surface at
interface. (3) Hydrate collection on metal keeps water surface clear for faster mass
transfer.
Carbon dioxide gas differs from hydrocarbon gas as it demonstrated an enhanced
hydrophilic property of solubility in water. As discussed earlier, the highly soluble
property of CO2 discounted the surfactant’s effect on reducing hydrate induction time. In
the presence of surfactants such as Surfactin, SDS, Emulsan and Rhamnolipid, the
hydrate induction time was not improved and was even prolonged. A possible
explanation is that these surfactants have a repelling effect on CO2 rather than
solubilization. An obviously retarding effect was observed with Rhamnolipid and
Emulsan.
Rhamnolipid was reported (Thangamani and Shreve, 1994) to have a CMC of 18
ppm at atmospheric pressure and room temperature. SDS has a much higher CMC value
of approximately 248 ppm (Zhong, 2000). At experimental conditions, 1000 ppm
surfactant concentrations were applied to both solutions. It was expected that more
micelles would form in Rhamnolipid solution and thus capture more CO2 molecules in
the solution, but the experimental results showed a relatively lower hydrate formation
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rate when Rhamnolipid was present. The following mechanism is offered. Rhamnolipid
morphology is a function of solution pH (Champion et al., 1994), changing from lamellar
to vesicular, to micellar as pH increases. Under the experimental conditions, dissolved
CO2 decreases the pH of the solution, resulting in the formation of vesicles instead of
micellar structure. The vesicles may not readily solubilize CO2 on the inside of the
hydrophobic part of the bilayer and they may even carry more water molecules both in
the exterior surface and especially the interior surface of the bilayer as they are thought to
preferentially adsorb water. Therefore, the free water could not efficiently contact and
solubilize free CO2 gas. A vesicle’s structure is given in Figure 5.8. Effectively, the large
amount of Rhamnolipid vesicles would squeeze the CO2 molecules out of the water and
prolong the initiation of hydrate. As Rhamnolipid could adsorb on the metal surface, the
hydrate formation rate would still be improved slightly.

H2O

H2O

Rhamnolipid
molecule with a
hydrophilic head
and hydrophobic
tail

H2O

CO2

CO2

H2O

H2O
H2O

H2O

H2O

H2O

CO2

H2O

H2O

H2O

CO2
H2O

H2O
H2O

H2O
H2O

lamella

CO2

vesicle

Figure 5.8. Rhamnolipid Structures Formed above CMC (Champion et al., 1994)
SDS solubilizes hydrocarbon gas but may not appreciably solubilize CO2 as
hydrate catalysis indicated by induction time decrease was not obtained. SDS improved
CO2 hydrate formation rate because it adsorbed strongly on the metal cell walls.
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Except for Emulsan and Surfactin, surfactants and biosurfactants improved the
CO2 hydrate formation rate. Emulsan does not form a micellar solution and has a high
molecular weight of about 980,000. Also, Emulsan does not reduce water’s the surface
tension significantly, only to 41.4 mN/m, as seen in Table 5.2. So, the possible reason for
Emulsan’s poor performance is that Emulsan does not bring structured water and CO2
together. Its hydrocarbon branches may repel CO2 and actually prevent the CO2 from
concentrating near structured water, i.e., where water assembles along the saccharide
backbone of the Emulsan molecule. Thus, Emulsan did not show the catalytic effect
either on induction time or formation rate.
Because of less adsorption on metal surfaces, Surfactin also did not show the
catalytic effect on CO2 hydrate formation rate. The micelles of Surfactin apparently do
not solubilize CO2 appreciably.
A small amount of FSP and FS-62 were added individually to SDS solution, and a
prominent improvement in hydrate formation rate was attained. Fluorosurfactants are far
superior surfactants for solubilizing CO2 than hydrocarbons. Some fluorosurfactants can
form microemulsions of water in CO2. Normally, a fluorosurfactant can decrease the
CO2-water surface tension from 20 mN/m to ~2 mN/m (Rocha et al., 1999), far better
than its hydrocarbon analogue, which is thought to allow both water and CO2 to penetrate
the surfactant layer, resulting in a higher surface tension (Stone et al., 2003). The
fluorosurfactant’s powerful surface-active characteristic makes the contact of CO2 and
water easier at hydrate forming conditions and enables a higher formation rate. The
presence of SDS in the mixture provides excellent water adsorption on the metal surface.
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This combined effect of solubilization from fluorosurfactants and adsorption from SDS
played an important role in enhancing CO2 hydrate formation.
Effect of Metal Surfaces on CO2 Hydrate Formation
With the surfactants present, the CO2 gas hydrates packed on surfaces of the metal
wall, preferring to absorb on the aluminum tube. Aluminum has a better thermal
conductivity so that when hydrates form on aluminum, the liberated heat is more readily
removed from the system. Rapid heat transfer results in a lower temperature that is
favorable for hydrate formation. The absorption of hydrates on the metal surface instead
of the solution surface enables a new CO2-water interface to sustain the continuous
hydrate formation.
It is known that metal surfaces are normally hydrophilic. Water readily wets them.
Proper surfactant molecules can displace the thin water-layer on the metal surface and
strongly adsorb on it (Kothapalli, 2002). SDS and biosurfactants are anionic and the
metal walls are normally positively charged, promoting surfactant adsorption. At
concentrations above CMC, a bilayer of surfactant, called admicelle, would form with the
hydrophilic head from one layer toward water and another hydrophilic layer attached to
the metal surface (Rowe et al., 2002). Much more water would be adsorbed on the metal
walls this way, and with more surfactant molecules present, more micelles adsorb on the
wall. When hydrate forms and adsorbs on the cold metal wall, some attached surfactant
solution migrates up the metal wall as a result of the low surface tension and promotes
hydrates above the bulk water level. This explains the phenomenon observed in the
experiments of hydrate climb of the metal cell walls.
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Therefore, a combination of cold metal wall and an excellent CO2-philic
surfactant could improve the CO2 hydrate formation with a satisfactory formation rate
and induction time.

Effect of Biosurfactants on CO2 Hydrate Formation in Sediments
Two sets of data have been obtained in investigating the possible catalytic effects
of biosurfactants on CO2 hydrate formation in a simulated ocean sediment environment –
one set regarding induction time, the other set regarding formation rate. Some duplicated
runs were performed to verify reproducibility. An averaged value was used for data in
duplicated runs. Three biosurfactants alone or in combination were employed to saturate
five

different

sediments:

sand,

sand/bentonite,

sand/kaolin,

sand/illite,

and

sand/nontronite.
Induction Time Comparison
Induction time reproducibility is a problem in hydrate studies. Poor
reproducibility is often attributed to experimental procedures. Sloan and Fleyfel (1991)
suggested that CO2 hydrate doesn’t exhibit induction time, while Natarajan et al. (1994)
showed that it does. In our research, only a few runs with porous media gave good
induction time reproducibility, while most runs exhibited poor reproducibility.
For Ottawa sand sets, the averaged induction times of CO2 hydrate are listed in
Table 5.3. The experiments with Emulsan were repeated five times, yet the induction
time ranges from 158 minutes to greater than 1860 minutes, and the standard deviation
reached 242. The same situation has been also encountered in some other runs with
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different sediments. This irreproducibility is probably due to porous media
nonconformities as well as the CO2 solubility effect.
Table 5.3. Induction Time with Sediment of Sand
Induction
STDEVP
Time
(min)

Run#
(CHD-)

Surfactant

Sediment

None

sand

379

87.5

12,14

Rhamnolipid

sand

453

3

03,04

Snomax

sand

473

51.5

05,06

Emulsan

sand

295

242

07,08-1,08-4

Emul./Rham.

sand

280

5

27,28

Formation Rate Comparison
The comparison of formation rate has been divided into five categories for
different sediments. See Table 5.4.
Table 5.4. Biosurfactants Test in Different Sediments
Sediment
Sand
Sand/Bentonite
Sand/Kaolin
Sand/Illite
Sand/Nontronite

Biosurfactant
None, Rhamnolipid, Snomax, Emulsan, Emul./Rham.
None, Rhamnolipid, Snomax, Emulsan, Emul./Rham.
None, Rhamnolipid, Snomax, Emulsan, Emul./Rham.
Rhamnolipid, Emulsan.
Rhamnolipid, Emulsan.

For pure Ottawa sand, as shown in Figure 5.9, Emulsan exhibited the most
catalytic effect on CO2 hydrate formation rate. From Table 5.5, it is evident that Emulsan
increases the formation rate by 106.9% compared with the base case which has no
surfactant.
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It seems a combined surfactant of Emulsan and Rhamnolipid could improve the
catalytic effect of Rhamnolipid used alone.
Snomax has the least catalysis on CO2 hydrate formation rate, increasing only
25%. (Although Snomax is in same classification as Emulsan)
Table 5.5. Formation Rate with Sand
Avg.Rate
STDEVP
(mmol/hr)

% Change
of Rate

Run#
(CHD-)

Surfactant

Sediment

None

sand

81

0.095

-

12,14

Rhamnolipid

sand

123

7.225

51.6%

03,04

Snomax

sand

102

31.285

25.2%

05,06

Emulsan

sand

168

Emul./Rham.

sand

153

26.84913 106.9% 07,08-1,08-4
43.745

88.4%

27,28

Av. Formation Rate(mmol/hr)

180
160

Porous media: Sand

140
120
100
80
60
40
20
0
None

Rhamnolipid

Snomax

Emulsan

Emul./Rham.

Surfactants

Figure 5.9. Effect of Surfactants on Formation Rate of CO2 Hydrate in Sand
In Table 5.6, with the porous media of sand/bentonite, only in the presence of the
surfactant mixture Emulsan/Rhamnolipid would CO2 hydrates form. With the
Emulsan/Rhamnolipid mixture, a formation rate of 162 mmol/hr resulted which is close
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to the result with sand alone. The others did not form hydrates after running for 22 to
70.5 hours, which exceeded a practical induction time. Therefore, bentonite exhibited a
hindering effect on hydrate formation.
Table 5.6. Formation Rate with Sand/Bentonite
Surfactant
None

Avg.
Rate STDEVP
(mmol/hr)
sand/bent.
-

Run#
(CHD-)

Sediment

Rhamnolipid sand/bent.

16,19

-

-

17,20-1,20-2

Snomax

sand/bent.

-

-

21

Emulsan

sand/bent.

-

-

22

162

-

29

Emul./Rham. sand/bent.

When sand/kaolin was used as the porous media, there was no hydrate formed
after 34.6 hours beyond when the system had attained hydrate-forming conditions.
Compared to the control without surfactant, all the biosurfactants showed catalytic effects
on CO2 hydrate formation with different results shown in Table 5.7. And Figure 5.10
gave an explicit comparison in histogram.
Table 5.7. Formation Rate with Sand/Kaolin
Surfactant

Sediment

Avg. Rate
(mmol/hr)

STDEVP

Run#
(CHD-)

None

sand/kaolin

-

-

24

82

-

23

Rhamnolipid sand/kaolin
Snomax

sand/kaolin

82

-

25

Emulsan

sand/kaolin

161

-

26

Emul./Rham. sand/kaolin

152

-

30

90

160

Porous media: Sand/Kaolin

140
120
100
34.6 hrs no Hydrate.

Av. Formation Rate(mmol/hr)

180

80
60
40
20
0

None

Rhamnolipid

Snomax

Emulsan

Emul./Rham.

Surfactants

Figure 5.10. Effect of Surfactants on Formation Rate of CO2 Hydrate in
Sand/Kaolin. Note: No hydrate formation without surfactant after 34.6 hours.
Since Emulsan and Rhamnolipid exhibited possible catalytic effects on CO2
hydrate formation in sand, sand/bentonite and sand/kaolin, they were screened as the only
promising biosurfactants and tested further in the porous media of sand/illite and
sand/nontronite. As shown in Figure 5.11, for the porous media of sand/illite,
Rhamnolipid gave much better effects than Emulsan. But in sand/nontronite, a reverse
result was obtained and plotted in Figure 5.12. The data is shown in Table 5.8.

Table 5.8. Formation Rate with Sand/Illite or Sand/Nontronite
Run#
Avg. Rate
STDEVP (CHD-)
(mmol/hr)

Surfactant

Sediment

Rhamnolipid

sand/illite

415

35

31,33

Emulsan

sand/illite

201

2

34,35

Rhamnolipid

sand/nontr.

268

20

36,37

Emulsan

sand/nontr.

358

86

38,39,40
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Av. Formation Rate(mmol/hr)

450

Porous media: Sand/Illite

400
350
300
250
200
150
100
50
0
Rhamnolipid

Emulsan
Surfactants

Figure 5.11. Effect of Surfactants on Formation Rate of CO2 Hydrate in
Sand/Illite

Av. Formation Rate(mmol/hr)

400
350

Porous media: Sand/Nontronite

300
250
200
150
100
50
0
Rhamnolipid

Emulsan
Surfactants

Figure 5.12. Effect of Surfactants on Formation Rate of CO2 Hydrate in
Sand/Nontronite
Based on the results for biosurfactants tested in different porous media, it is
evident that the media types are factors in CO2 hydrate formation. Two sets of
comparisons were made with respect to sand, sand/bentonite, sand/kaolin, sand/illite, and
sand/nontronite with Rhamnolipid and Emulsan individually.
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No Hydrate Formed
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Av. Formation Rate(mmol/hr)
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sand/illite

sand/nontr.

Porous Media

Figure 5.13. Effects of Porous Media on Formation Rate of CO2 Hydrate with
Rhamnolipid. Note: No hydrate formation in the porous media of
sand/bentonite after 70.5 hours.

In Figure 5.13, in the presence of Rhamnolipid, sand/illite has the highest
formation rate of 415 mmole/hr, and sand/nontronite has a lower formation rate of 268
mmole/hr, while no hydrate formed in sand/bentonite. The formation rates in sand and
sand/kaolin are much lower.
In Figure 5.14, in the presence of Emulsan, sand/nontronite has the highest
formation rate of 358 mmole/hr, and sand/illite has a lower formation rate of 201
mmole/hr, while no hydrate formed in sand/bentonite too. The formation rates in sand
and sand/kaolin are almost the same around 160 mmole/hr.
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Figure 5.14. Effects of Porous Media on Formation Rate of CO2 Hydrate with
Emulsan. Note: No hydrate formation in the porous media of
sand/bentonite after 22 hours.

Comments on Mechanisms
Although induction time and formation rates of duplicated runs exhibited some
randomness, they do give clues on how surfactant affects hydrate formation.
A possible repelling effect of the hydrophobic tail in the biosurfactant on CO2
molecules might result in retarding hydrate formation. Especially for Rhamnolipid, the
presence of vesicles decreases the interface of CO2 gas-water. The presence of the
sediments evenly disperses solution and increases the total gas-water interface
significantly. Hence, Rhamnolipid sustained a relatively higher formation rate. Therefore,
Rhamnolipid could show a catalytic effect on formation rate but a retarding effect on
induction time.
Snomax does not form micelles and has the highest surface tension around 44
mN/m among all the tested surfactants. Although giving a prolonged induction time by
the repelling effect on CO2, unlike Emulsan, Snomax is readily soluble in the water
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solution. It is possible that a lower formation rate than Emulsan occurs because of the
lack of nuclei centers of precipitated particles. Its less surface-active properties also
reduce the dispersion ability. But more likely, the differences lie in orientation of the
molecules on the media surfaces and the resulting CO2 accessibility limiting property of
exposed groups.
Along with the biosurfactant’s effect, the porous media influences the CO2
hydrate formation. Some possible mechanisms are proposed.
As one of the possible mechanisms, in Figure 5.15, for porous media, sand,
sand/nontronite and sand/illite, the alkyl groups of the biosurfactant adsorb on the clay
surface and leave the hydrophilic parts in the exterior. While the hydrophilic head
repulses the natural gas molecules, they would attract both the CO2 and water molecules,
bringing them together, thus promoting gas hydrate formation.
Note:
Biosurfactant with
a hydrophilic head
and hydrophobic
tail

CO2

H2O

H2O

CO2

H2O CO2 H2O

CO2

Porous Media

Figure 5.15. Process of Water and CO2 Collection by Biosurfactants on Clay
(sand, sand/nontronite, sand/illite)

Especially, the fine-grained nontronite particles have a larger surface area and
absorb more water on particle surfaces (Tripathi et al., 2002). Since cold nontronite is a
good adsorber for CO2 (Fanale et al., 1979), a polycarbonate tube was tested to determine
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the effect of a known CO2-philic surface on hydrate formation. The polycarbonate tube
showed a strong adsorption of CO2 gas molecules but not water. The polycarbonate
retarded or even prevented hydrate formation. Nontronite brings much more water and
CO2 to the clay surface, providing nuclei sites for hydrate formation.
For bentonite, in another mechanism (Figure 5.16), two negatively charged silicon
dioxide basal planes are neutralized by exchangeable cations, such as sodium, which
form a platy molecular structure. Bentonite strongly adsorbs water and holds water
molecules in the interlayer. In the presence of biosurfactants, the sodium ion of the
bentonite interlayer attracts the negatively charged hydrophilic head of the biosurfactant,
while the outward-stretching hydrophobic tails prevent CO2 molecules from contacting
with the water inside the interlayer. Therefore, hydrate formation is restrained.
Biosurfactant with
a hydrophilic head
and hydrophobic
tail

H 2O
Na+

CO2
Na+ Na+

H 2O

Na+

H 2O
Na+

H 2O

CO2
CO2

CO2

Figure 5.16. Biosurfactants Adsorption on Bentonite

As for kaolin, its retarding effect on CO2 hydrate formation can be attributed to its
physical characteristics. Made up of loosely oriented hexagonal crystals, kaolin forms a
low permeability and low porosity mass in the sand pack upon contacting with water.
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This characteristic obstructs the migration of gas molecules in the porous media,
restraining the hydrate formation.
Adsorption of Biosurfactants on Porous Media
A series of adsorption tests were performed to determine surfactant adsorption on
the different types of porous media. The surface tension change of the surfactant solution
flowing through the bed of porous media denotes the surfactant’s concentration change.
The data are listed in Table 5.9.
Table 5.9. Comparison of Surface Tension Change of the Biosurfactant Solution
Change in the Surface Tension (mN/m)
Biosurfactant
Sand

Sand/Bent. Sand/Kaolin Sand/Illite Sand/Nontr.

Rhamnolipid

0.1

2.6

2.7

0.6

0.8

Emulsan

-2.2

12.8

2.7

-2.8

-2.3

Snomax

-4.1

-1

0.8

-4.8

-5.7

From Table 5.9, bentonite showed a greater adsorptive property than others. The
possible reason is that positive charged sodium in the interlayer attracts the negative
charged hydrophilic head of the biosurfactant. The same situation was observed to a
lesser degree with sand/kaolin.
Sand, nontronite and illite have a similar effect on the same surfactants. They all
showed the least adsorption of Rhamnolipid, and seemed to not adsorb the Emulsan and
Snomax. Both nontronite and illite have catalytic effects on CO2 hydrate formation
compared with sand.
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While a positive value indicates an adsorption of biosurfactant on the porous
media, and most of the porous media exhibited this capability, some negative values are
also shown in Table 5.9. The possible reasons are given as follows.
Neither Emulsan nor Snomax form micelles, but the higher their concentrations,
the lower the surface tension. The high permeability of sand enables the large molecules
of Emulsan and Snomax to flow unhindered through the pack. Then the effluent
concentration will be enhanced if any water is adsorbed. So, a lower surface tension of
the effluent would result and give a negative value in surface tension change as shown in
Table 5.9.
While clays adsorb surfactants on their surface, they are also hydrophilic and
adsorb water. Especially, illite and nontronite show stronger adsorption of water than
sand. In this way, more water was adsorbed to increase Emulsan or Snomax
concentration in effluent water, resulting in a lower surface tension in the effluent and a
negative value in surface tension.

CO2-N2 Separation Efficiency
As the hydrate formation rate and adsorption of hydrate crystals on solid surfaces
would be important factors in setting up a CO2-N2 gas separation process, the
fluorosurfactant FS-62 in combination with SDS was chosen to evaluate hydrate selfpacking and to catalyze the formation of gas hydrates. A two-stage separation process
was set up. In the first stage, an initial gas mixture of approximately 430 psig and 50°F
with the composition 70% CO2 and 30% N2 formed gas hydrates, leaving free a gas with
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altered composition. Again, a base case without surfactant was performed for
comparative purpose.
In the second stage a gas mixture at 440 psig and 50°F containing the same
composition as that of the free gas left in the first stage was cooled to again form mixture
gas hydrates, and the separation was measured.
Table 5.10. CO2-N2 Separation Efficiency Data-Stage 1
Note: S.T. denotes the surface tension.

Surfactant

Avg. Form. Rate
Hydrate CO2%
Concentration. S.T
(ppm)
(mN/m) mmol/hr Relative CO2% Removed
Ratio

None

-

72.8

9.49

1.00

92.80%

13.08%

FS-62/SDS

100/1000

33.1

53.64

5.65

98.92%

49.56%

In Table 5.10, it is evident that with FS-62/SDS, the CO2 hydrate formed at a high
speed of 53.64 mmol/hr, 5.65 times greater than without surfactant. After the gas hydrate
formed, CO2 composition in the free gas decreased from 70.76% to 56.49%, and the
percentage of CO2 gas converted to hydrate is 49.56% for the 1st stage, much higher than
the base case.
From Sloan’s CSMHYD program, pure N2 would form a hydrate at a pressure of
2348.5 psia and at a temperature 32°F; pure CO2 could form hydrate at a more moderate
pressure near 184 psia. When CO2 and N2 are mixed at a concentration of 70% and 30%
respectively, the mixture hydrates would form at a pressure of 264.4 psia at 32°F as
shown in Figure 5.17. This pressure is higher than that of pure CO2 and lower than that of
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pure N2. Based on the theoretical calculation from Sloan’s CSMHYD program under
these conditions, the hydrate occluded 96.91% CO2 and 3.09% N2.
As expected, a mixture hydrate rich in CO2 formed under the experimental
conditions. The experimental value of hydrate composition obtained for CO2 is 98.92%,
very close to the theoretical calculation.
Applied to a CO2 capture process from a flue gas or syngas, this single stage
hydrate separation process would remove approximately 50% of the CO2 in the stream
and give an occluded CO2 of almost 99% purity. Moreover, the CO2-philic surfactant
facilitated a large improvement over removing CO2 by hydrates without surfactant. The
result reflects the increased CO2 solubility afforded by the fluorosurfactant in the mixture
and a much faster formation rate from fluorosurfactant’s CO2 solubility and SDS
adsorption on metal surfaces.

430
410
Form

Pressure(psig)

390
370
Equili-1

350
330

Equili-2

310
290

Form
Equili-2

270
250
30

35
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45
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Temperature(F)

Figure 5.17. CO2-N2 Hydrate Formation Equilibrium Diagram (Stage 1). The label

Form represents operating P-T curve of gas hydrate formation. Equili-1 is the
equilibrium curve for 70% N2 and 30% CO2. Equili-2 is the equilibrium curve for
43.51% N2 and 56.49% CO2. Surfactant: FS-62/SDS.
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When pressures stabilized, no more hydrate formed, the gas composition at this
point was used to get another hydrate equilibrium line, Equili-2 in Figure 5.17. As shown
in Figure 5.17, the hydrate formation got to equilibrium and ended at 302 psig and 32°F,
which is almost on the equilibrium line Equili-2 drawn based on distilled water. This
implies that FS-62/SDS did not change the thermodynamic property of the mixture gas
and did not lower the hydrate formation pressure. Also, the match of the end point with
the equilibrium line means a complete conversion was obtained.
In the second stage, to further improve hydrate formation rate, the SDS
concentration was doubled. The equilibrium line, Equili-2, in the Figure 5.17 was used to
plan the experiment. Two duplicated runs were conducted. A satisfactory reproducibility
was obtained, and the data is listed in Table 5.11. The hydrate formation process is
plotted in Figure 5.18 along with the equilibrium line.
Table 5.11. CO2-N2 Separation Efficiency Data-Stage 2
Avg. Form. Rate
Hydrate CO2%
Concentration. S.T
Surfactant
(ppm)
(mN/m) mmol/hr Relative CO2% Removed
Ratio
FS-62/SDS

100/2000

33.2

75.18

7.92

86.75%

33.97%

FS-62/SDS

100/2000

33.9

59.16

6.23

93.48%

35.95%

Again, high formation rates up to 75.18 mmol/hr were achieved. In stage 2
experiments, the charged gas composition has been changed to reflect the composition at
the end of stage 1 and the concentration of SDS has been doubled. These higher
surfactant concentrations probably caused the higher formation rates. It is known that an
increase of the composition of N2 would cause the hydrate formation condition P-T to be
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more severe. This fact is revealed explicitly from the comparison of the different
equilibrium lines in Figure 5.17 and Figure 5.18. Consequently, one would expect the
hydrate formation rate to be lower. While the increased SDS concentration in the 2nd
stage barely changed the surface tension from around 33 mN/m, the number of micelles
increased and increased the amount of CO2 in solution accordingly. Importantly, the
strong adsorption of SDS on the metal walls will be strengthened at the higher surfactant
concentration to further catalyze hydrate formation. From this viewpoint, a conclusion is
drawn that the increased formation rate resulted from the doubled surfactant
concentration.
The CO2 composition in the free gas mixture has been reduced to approximately
47% in the 2nd stage from about 70% at the beginning. The consumed CO2 in the 2nd
stage accounts for up to 36.0% of the total CO2 gas in the 2nd stage. The total percentage
CO2 removed if both stages were employed would be 67.7%. The lower conversion in the
2nd stage corresponding to the 1st stage is due to the reduced CO2 partial pressure in the
free gas phase.
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Figure 5.18. CO2-N2 Hydrate Formation Equilibrium Diagram (Stage 2). The label

Form represents operaring P-T curve of mixture gas hydrate formation. Equili-1 is
the equilibrium curve for 43.46% N2 and 56.54% CO2. Equili-2 is the equilibrium
curve for 52.69% N2 and 47.31% CO2. Surfactant: FS-62/SDS.

In Figure 5.18, a second equilibrium line, Equili-2 was drawn at the final free gas
composition. The end point of the hydrate formation process matched the theoretical
equilibrium line very well. A complete conversion thermodynamically allowed under the
experimental condition was again accomplished.
In both stages, a hydrate mixture rich in CO2 was obtained, the CO2 concentration
in hydrate ranges from up to 98.9% to 93.5% corresponding to the free gas compositions.
An almost pure CO2 was achieved in the hydrates, making the separation promising.
Through the two-stage separation, the CO2 composition can change from 70% to
47%. A total conversion of CO2 gas to hydrate is 67.7%. In Figure 5.19-21, more explicit
histograms for separation efficiency are displayed.
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Figure 5.19. CO2-N2 Separation Efficiency (Stage1). CO2 Initial Conc. 70%, Surfactant:
None.

75%

CO2 Concentration

70%
65%
60%
55%
50%
Initial

Solubility
Solubility
effect(50F)
effect(32F)
Mixture Gas Status

Hydrate formed

Figure 5.20. CO2-N2 Separation Efficiency (Stage2).CO2 Initial Conc. 70%, Surfactant:
100ppm FS-62/1000ppmSDS
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Figure 5.21. CO2-N2 Separation Efficiency (Stage2). CO2 Initial Conc. 56.5%,
Surfactant: 100ppm FS-62/2000ppmSDS.

In Figure 5.19-21, the solubility effect of CO2 in water at different temperature
was taken into account. It shows that the solubility has only a small effect on reducing the
CO2 composition directly; most of the reduction was done by hydrate formation. In
Figure 5.19, when no surfactant was used, the solubility reduced the free gas composition
of CO2 by 1.85%, while with FS-62/SDS, the composition was reduced by 3.14%, which
implies that a doubled amount of CO2 could be highly localized in the micelles with FS62 employed. This is the first time the surfactant solubilization effect has been
experimentally verified. Also, it was shown that the temperature influence on CO2
solubility was small, at most accounting for a reduction of 0.5% of the free gas
composition. Most of the separation was achieved via hydrate formation with the
surfactant. See Figure 5.20 and 5.21. The presence of FS-62 did increase the separation
efficiency. See Figure 5.22. Especially, the combined surfactant demonstrated a
promising catalysis on CO2 hydrate formation rate, as shown in Figure 5.23.
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Figure 5.23. CO2-N2 Hydrate Formation Rate with and without Surfactant
(Stage1)
CO2 Displacing Potential in CH4 Hydrate
Two different gas compositions were used for the batch processes to evaluate
displacing CH4 in hydrates with CO2. It should be noted that the Peng-Robinson equation
of state was used to calculate the amount of gas mixture.
To evaluate the potential of displacing natural gas from hydrates already existing
by injecting CO2, the experimental data was compared between two states. In the first
state, only C2H6 + CH4 or pure CH4 hydrates was formed according to the charged gas
composition. In the second state, CO2 gas was injected and formed hydrate to give gas
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hydrate of either three or two components. When injecting CO2, a high partial pressure
above the equilibrium line of pure CO2 was established.
In Figure 5.24, the charged natural gas has a composition of 90.60% CH4 and
9.40% C2H6. The hydrates formed in the first state were composed of CH4 and C2H6; in
the second state, the hydrates were composed of CH4 and C2H6 and CO2. In the process,
CH4 and C2H6 occluded in hydrates decreased by 7.60% and 4.87% respectively as a
result of injecting CO2, while 0.1194 moles of CO2 hydrate formed. It is known that CH4,
C2H6, and CO2 all form Structure I hydrates, and that all of the hydration numbers are
near 6.15. Based on the assumption that all of the water was used, displacement would
form one mole of CO2 hydrate when one mole of natural gas dissociated. But the total
amount of dissociated natural gas was only 0.0377 moles, which could not account for
the relatively large amount of CO2 hydrate formed. While there was no unconverted
water left, which was assured by starting at a high pressure and allowing excessive time
after hydrate equilibrium, then one possibility could cause this phenomenon: Some CO2
gas might go into the void cavities. Normally, when natural gas hydrate forms, a perfect
occupancy can not be reached and a number of void cavities remain; these voids
apparently encapsulated some CO2 gas.
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Figure 5.24. Displacement of Natural Gas Hydrate by CO2 Gas. States refer to
that before and after CO2 Injection. State 1: Temperature=32°F,

Pressure=347psig; free gas composition, 98.8% CH4, 1.3% C2H6. State 2:
Temperature=32°F, Pressure=621psig; free gas composition, 55.7% CH4, 42.6%
CO2 and 1.7% C2H6.

A displacing mechanism is proposed. When natural gas hydrates form, a certain
number of void cavities remain and later encapsulate injected CO2 gas having a high
partial pressure. During CO2 hydrate formation by filling the void cavities, heat is
released and decomposes some natural gas hydrate. Because the void cavities only
account for 13.67% and 2.6% of small and large cavities, respectively, the further
occupation by CO2 would be limited, and then the small amount of liberated heat could
not decompose much natural gas.
After CH4 initially formed the gas hydrate, Figure 5.25 shows that a small amount
of CO2 hydrate formed after injection of CO2. Taking the experimental and calculational
error into account, almost no displacement happened. Still, CH4 hydrate decreased by
10.3% due to dissociation; because heat is needed for hydrate dissociation, the only heat
source must be that introduced with CO2 injection. Although most of the time during CO2
injection constant temperature was maintained, some heat might have been introduced
into the test cell to dissociate a small part of CH4 hydrate.

Hydrate Amounts (mole)
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Figure 5.25. Displacement of Methane Hydrate by CO2 Gas. States refer to that
before and after CO2 Injection. State 1: Temperature=32°F,
Pressure=409sig; pure CH4. State 2: Temperature=32°F, Pressure=607psig; free
gas composition, 66.4% CH4, 33.6% CO2.

From the experimental results under static conditions of the experiments,
displacement of CH4 hydrate with CO2 is not promising. The CH4 gas hydrates under
experimental conditions were in a thermodynamically stable status. A CO2 molecule
could not dislodge the CH4 molecule encapsulated in the cavity without introducing heat,
even at a high partial pressure of CO2. Also, the occupation of a relatively few void
cavities by CO2 could not liberate sufficient heat to dissociate the large amounts of CH4
gas hydrate necessary for CO2 to reform. At the same time, the experimental control
would be very difficult for a large-scale commercial process to be successful in the field.

CHATER VI
CONCLUSIONS
Conclusions
In this study, a systematic investigation of utilizing gas hydrates to mitigate the
greenhouse gas CO2 in the atmosphere was conducted. Especially, the possibility of using
surfactant to catalyze CO2 hydrate formation was investigated as a new process to capture
industrial CO2. A surfactant-catalyzed CO2 hydrate process was studied for three possible
applications in controlling a societal problem of excessive carbon dioxide production.
The three applications would be capturing CO2 from a syngas, separating CO2 from flue
gas, and sequestering CO2 in ocean floor sediments by displacing methane from in situ
hydrates. A main goal of the thesis was to investigate whether surfactants could be
effective in these potential processes and to find an effective CO2-philic surfactant
suitable for such a process.
CO2 Separation from Syngas
1) A CO2-philic surfactant was found that dramatically improved CO2
capture from a gas mixture (flue gas or syngas) in a CO2-gas hydrate
process.
2) It was found that CO2-hydrate formation rates could be substantially
increased by increasing the concentration of CO2-philic surfactant.

109

110
3) The fluorosurfactant FSP mixed with SDS was found to have the shortest
induction time for CO2 hydrate formation, only 21.4 minutes. FSP/SDS
was the only surfactant that could decrease induction time by 26.3%
compared with the base case of no surfactant.
4) Fluorosurfactant FS-62 mixed with SDS catalyzed CO2 hydrate formation
the most with a high formation rate of 0.1239 mmole/minute, about 2.87
times the base case.
5) CO2 solubility is an important factor in hydrate formation. Increased
dissolved CO2 reduces hydrate induction time. Fluorosurfactant FS-62 and
FSP increased solubility.
6) Hydrate packing styles played an important role in CO2 hydrate formation
rate. Packing facilitates a high hydrate formation rate and high percentage
conversion. A full development of the hydrate in the test cell could be
obtained with use of FS-62/SDS or FSP/SDS.
7) In a two-stage process, a desirable efficiency of N2-CO2 gas separation via
hydrate formation could be reached with a high formation rate by using
FS-62/SDS. A total 67.7% reduction of CO2 gas from the original gas
mixture was realized.
CO2 Displacing Potential in CH4 Hydrate in Sediments
1) In the presence of Ottawa sand, Emulsan exhibited the most catalytic
effect, increasing the hydrate formation rate by 106.9% compared with the
base case. Sand/bentonite showed a retarding effect on CO2 hydrate
formation. Both sand/illite and sand/nontronite showed promising
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catalysis on formation rate with Rhamnolipid and Emulsan used
separately.
2) With Rhamnolipid present, sand/illite has the highest formation rate of
CO2 hydrates at 415 mmole/hr, and sand/nontronite was second with a
formation rate of 268 mmole/hr. The formation rates in sand and
sand/kaolin are much lower.
3) With Emulsan involved, the sediment’s effect on CO2 hydrate formation
showed that sand/nontronite has the highest formation rate of 358
mmole/hr, and sand/illite was second with a formation rate of 201
mmole/hr.
4) Biosurfactants were found to absorb on the sediments with different

affinities. Bentonite showed a greater adsorptive property than the others.
However, sand/bentonite restrained the CO2 hydrate formation seriously.
The orientation of biosurfactants adsorbed on the clay influences the CO2
hydrate formation.
6) Under the experimental conditions, CH4 displacement from hydrates by
injecting CO2 gas was ineffective. The data indicates that this process is
not promising.
In this work, a promising fluorosurfactant, FS-62, combined with SDS was found
to catalyze CO2 hydrate formation more efficiently than any surfactant or biosurfactant
acting singly. With the FS-62/SDS, an efficient and fast separation of N2-CO2 gas was
achieved. Fluorosurfactants solubilize the CO2 in the solution, while SDS helps hydrate
adsorb on the metal surfaces. These two properties of the combined surfactant were
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attributed to catalyzing the CO2 hydrate formation and holds promise for a practical
process.

Engineering Significance of the Research
This research gives insight for the first time into surfactant’s effects on CO2
hydrate formation. An extensive investigation including both synthetic and biosurfactants revealed possible applications to CO2 hydrate formation processes to help
mitigate societal problems of CO2 control.
Two fluorosurfactants were verified to be powerful surface-active agents and to
solubilize CO2. Only small amounts of fluorosurfactants are needed to obtain the desired
low surface tension and achieve CMC in a solution to from hydrates. This study showed
that 100 ppm fluorosurfactant mixed with 1000 ppm SDS catalyzes CO2 hydrate
formation dramatically, indicating that a cost effective and highly efficient separation
process might be developed to separate CO2 from flue gas. This encouraging advance
would be especially beneficial to separating a syngas, which mainly consists of CO2 and
H2. The separation of CO2 could be achieved completely as H2 doesn’t form hydrates at
all.
The results indicated that displacement of methane with CO2 from in situ hydrates
in ocean sediments is not viable as a simple process. The results suggest that current
enthusiasm in industry and academia for such a potential process to dispose of industrial
CO2 while producing methane fuel may be ill-conceived.
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However, some new clues were revealed on the relationships between CO2
hydrate, surfactants, biosurfactants, and porous media, which could lead to selecting
suitable CO2 disposal sites in ocean sediments.
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Table A.1. Experimental Data of Surfactant Test on CO2 Hydrates Formation (Cell Volume: 494ml)
RUN#

Surfactant

PFR
original Normalized

AFR
original Normalized

∆P/∆t
original Normalized

1.00
7.24
0.92
3.65
1.05
0.53
1.13

0.4994
1.9213
0.4672
0.8495
0.7857
1.8546
2.2526

1.00
3.85
0.94
1.70
1.57
3.71
4.51

0.0595
0.0134
0.0221
0.0439
0.0590
0.0936
0.1239

1.00
0.23
0.37
0.74
0.99
1.57
2.08

0.0280
0.0050
0.0090
0.0197
0.0270
0.0342
0.0500

1.00
0.18
0.32
0.70
0.96
1.22
1.79

IT
original Normalized

Tube material

ST

Aluminum
Aluminum
Aluminum
Aluminum
Aluminum
Aluminum
Aluminum

72.9
41.4
31.1
28.0
34.3
26.9
33.1

40.2
291.3
36.9
147.0
42.3
21.4
45.3

Surfactant's effect comparison
CHYST08
CHYST04
CHYST07
CHYST10
CHYST03
CHYST11
CHYST12

None
Emulsan
Surfactin
Rham.
SDS
FSP/SDS
FS-62/SDS

Tube material effect
CHYST-A
CHYST-B

None surfactant
None surfactant

Aluminum
Polycarbonate

72.8
72.8

31.0
359.8

0.77
8.95

1.6319
1.6846

3.27
3.37

0.0292
0.0229

0.49
0.38

0.0103
0.0066

0.37
0.24

CHYST03
CHYST09
CHYST05

SDS
SDS
SDS

Aluminum
Aluminum
Polycarbonate

34.3
34.6
34.7

42.3
14.7
66.6

1.05
0.37
1.66

0.7857
0.6291
0.7352

1.57
1.26
1.47

0.0590
0.0404
0.0251

0.99
0.68
0.42

0.0270
0.0175
0.0090

0.96
0.63
0.32

CHYST01
CHYST10
CHYST06

Rhamnolipid
Rhamnolipid
Rhamnolipid

Aluminum
Aluminum
Polycarbonate

28.1
28.0
28.2

211.1
147.0
2255.8

5.25
3.65
56.09

1.8248
0.8495
N/A

3.65
1.70
N/A

0.0479
0.0439
N/A

0.81
0.74
N/A

0.0207
0.0197
0.0035

0.74
0.70
0.13

None Surfactant
None surfactant

Aluminum
Aluminum

72.9
72.8

29.0
40.2

0.72
1.00

0.7047
0.4994

1.41
1.00

0.0320
0.0595

0.54
1.00

0.0144
0.0280

0.51
1.00

Standard test
CHYST02
CHYST08

Notes: ST-Surface Tension (mN/m)
IT-Induction Time (min)
PFR-Peak Formation Rate (mmol/min)
AFR-Average Formation Rate (mmol/min)
∆P/∆t-Pressure drop (psi/min)
The base case in CHYST08
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Table A.2. Experimental Data of N2-CO2 Separation Test (Cell Volume: 494ml)
Avg.Rate

Induction Time

Run#

Surfactant

Conc.
(ppm)

S.T
(mN/m)

mmol/hr

Relative
Ratio

min

Relative
Ratio

CHSEP01

None

-

72.8

9.49

1.00

23

1.00

CHSEP02

FS-62/SDS

100/1000

33.1

53.64

5.65

325

14.13

CHSEP03

FS-62/SDS

100/2000

33.2

75.18

7.92

43

1.87

CHSEP04

FS-62/SDS

100/2000

33.9

59.16

6.23

62

2.68

Free Gas

Hydrate

N2%

CO2%

N2%

CO2%

29.93%

70.07%

32.82%

67.18%

29.24%

70.76%

43.51%

56.49%

43.74%

56.26%

52.69%

47.31%

43.46%

56.54%

52.53%

47.47%

7.20%
6.08%
13.25%
6.52%

92.80%
98.92%
86.75%
93.48%

CO2
Conc.
Change
-2.89%
-14.27%
-8.95%
-9.07%
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Table A.3. Experimental Data of Surfactant Test on CO2 Hydrates Formation in Sediments (Cell Volume: 3900ml)
Run#

Surfactant

CHD03
Rhamnolipid
CHD04
Rhamnolipid
CHD05
Snomax
CHD06
Snomax
CHD07
Emulsan
CHD08-1
Emulsan
CHD08-2*
Emulsan
CHD08-3*
Emulsan
CHD08-4
Emulsan
CHD12
None
CHD14
None
CHD16*
None
CHD19*
None
CHD17*
Rhamnolipid
CHD20-1*
Rhamnolipid
CHD20-2*
Rhamnolipid
CHD21*
Snomax
CHD22*
Snomax
CHD24*
None
CHD23
Rhamnolipid
CHD25
Snomax
CHD26
Emulsan
CHD27 Emulsan/Rhamnolipid

Sediment

PH

Conc.
(ppm)

sand
sand
sand
sand
sand
sand
sand
sand
sand
sand
sand
sand/bentonite
sand/bentonite
sand/bentonite
sand/bentonite
sand/bentonite
sand/bentonite
sand/bentonite
sand/kaolin
sand/kaolin
sand/kaolin
sand/kaolin
sand

7.08
6.86
7.2
6.4
6.38
6.44
6.07
6.4
6.38
7.21
7.21
7.21
7.21
7.1
7.42
7.42
5.95
6.47
7.21
6.79
6.11
6.6
6.57

1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000/1000

S.T
Max.Rate
Avg.Rate
T slope
Induction Time
(mN/m mmol/hr Relative mmol/hr Relative Slope Relative min Relative
)
Ratio
Ratio
Ratio
Ratio
26.9
27.1
43.2
43.0
39.3
39.6
39.7
39.7
39.9
73.7
73.7
73.7
73.7
27.6
27.2
27.2
43.7
39.2
73.7
27.5
41.2
40.1
28.8

308
222
284
271
337
176
202
416
200
437
258
394
234

1.54
1.11
1.42
1.35
1.68
0.88
1.01
2.08
1.00
2.18
1.29
1.97
1.17

130
116
133
70
172
133
198
81
81
82
82
161
109

1.61
1.43
1.64
0.87
2.13
1.64
2.45
1.00
1.00
1.02
1.02
1.99
1.35

478
258
918
454
748
595
1252
417
1194
232
1492
371

1.15
0.62
2.20
1.09
1.79
1.43
3.00
1.00
2.86
0.56
3.58
0.89

456
450
524
421
636
158
1080
1860
92
291
466
1328
515
335
701
4230
1392
1322
2076
208
680
123
285

0.98
0.97
1.12
0.90
1.36
0.34
2.32
0.20
0.62
1.00
0.45
1.46
0.26
0.61
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Table A.3. Experimental Data of Surfactant Test on CO2 Hydrates Formation in Sediments (Cont’d)
Run#

Surfactant

Sediment

CHD28 Emulsan/Rhamnolipid
sand
CHD29 Emulsan/Rhamnolipid sand/bentonite
CHD30 Emulsan/Rhamnolipid
sand/kaolin
CHD31
Rhamnolipid
sand/illite
CHD32*
Rhamnolipid
sand/illite
CHD33
Rhamnolipid
sand/illite
CHD34
Emulsan
sand/illite
CHD35
Emulsan
sand/illite
CHD36
Rhamnolipid
sand/nontronite
CHD37
Rhamnolipid
sand/nontronite
CHD38
Emulsan
sand/nontronite
CHD39
Emulsan
sand/nontronite
CHD40
Emulsan
sand/nontronite

PH

6.6
6.69
6.71
6.9
7.14
6.9
6.44
6.47
6.74
6.74
6.44
6.44
6.38

Conc.
S.T
Max.Rate
Avg.Rate
T slope
(ppm) (mN/m mmol/hr Relative mmol/hr Relative Slope Relative
)
Ratio
Ratio
Ratio
500/500
500/500
500/500
1000
1000
1000
1000
1000
1000
1000
1000
1000
1000

29.1
29
29.2
27.6
27.1
27.7
39.2
39.7
27.9
27.3
39
39.5
39.9

429
372
342
693
418
293
348
274
453
836
562
661

2.14
1.86
1.71
3.46
2.09
1.46
1.74
1.37
2.26
4.18
2.81
3.30

197
162
152
450
380
199
203
248
288
250
366
459

2.43
2.00
1.88
5.56
4.69
2.45
2.51
3.06
3.55
3.08
4.51
5.67

906
496
416
1978
2189
1340
1147
1829
2134
1158
3310
3224

2.17
1.19
1.00
4.74
5.25
3.21
2.75
4.38
5.11
2.77
7.93
7.73

Induction Time
min Relative
Ratio
275
1426
736
735
2640
410
201
249
311
745
39
791
168

0.59
3.06
1.58
1.58
0.88
0.43
0.53
0.67
1.60
0.08
1.70
0.36

Notes:
CHD08-2, the data acquisition software stopped. Only induction time can be obtained.
CHD08-3, the sample had been left for 31 hours after across the equilibrium line, but no hydrate formed.
CHD16-CHD24, and CHD32, no hydrate formed during the run time, the induction time showed refer to the cooling time after across
quilibrium line.
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Table A.4. Experimental Data of Displacement Potential (Surfactant: 1000ppmSDS)
RUN#

Solution
Test Cell
Amount
Vol.(ml)
(ml)

CHDN03

2464

40

CHDN04

3770

100

CHDN05

3770

100

CHDN06

494

60

CHDN07

494

60

CHDN08

494

50

CHDN09

494

50

CHDN10

494

50

CHDN11

494

50

CHDN12

494

50

CHDN13

494

50

Status
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.
N.G. Hyd.
Mix. Hyd.

T (F) P(psig) C1%

CO2% C2%

33.0
31.7
31.0
27.4
30.0
31.0
32.5
32.0
32.2
32.1
32.1
32.4
32.0
32.1
32.3
32.2
31.5
31.5
32.3
32.2
32.2
32.3

0.0%
46.3%
0.0%
46.6%
0.0%
48.7%
0.0%
52.9%
0.0%
54.9%
0.0%
51.6%
0.0%
42.6%
0.0%
40.3%
0.0%
32.1%
33.6%
33.4%

260
483
248
360
250
391
247
463
495
494
357
551
347
621
342
597
344
522
409
607
423
629

92.5%
49.1%
94.3%
49.6%
93.4%
47.4%
98.3%
45.4%
96.7%
42.5%
98.5%
46.5%
98.8%
55.7%
98.8%
58.5%
98.5%
66.2%
100.0%
66.4%
100.0%
66.6%

7.5%
4.7%
5.7%
3.9%
6.6%
3.9%
1.7%
1.7%
3.4%
2.5%
1.5%
1.9%
1.3%
1.7%
1.3%
1.3%
1.6%
1.8%
-

nco2
nc2
NG
CO2
nc1
∆nc1
∆nco2
∆nc2
(hydrates) (hydrates) (hydrates) (hydrates) (hydrates) (hydrates) Disso. Displ.
0.3023
0.0431
0.5367
0.4077
0.6517
0.5003
0.3538
0.3504
0.4314
0.3636
0.4206
0.3310
0.4437
0.4100
0.4487
0.4187
0.4220
0.4015
0.4165
0.3738
0.4098
0.3552

0.0000
0.2495
0.0000
0.1504
0.0000
0.0604
0.0000
0.1942
0.0000
0.1072
0.0000
0.0868
0.0000
0.1194
0.0000
0.1518
0.0000
0.0836
0.0000
0.0022
0.0000
-0.0049

0.0553
0.0045
0.1825
0.1590
0.2424
0.2225
0.0735
0.0672
0.0918
0.0934
0.0817
0.0728
0.0822
0.0782
0.0805
0.0763
0.0792
0.0775
-

-0.2591
-0.1290
-0.1513
-0.0034
-0.0678
-0.0896
-0.0337
-0.0300
-0.0205
-0.0428
-0.0546

0.2495
0.1504
0.0604
0.1942
0.1072
0.0868
0.1194
0.1518
0.0836
0.0022
-0.0049

-0.0508
-0.0235
-0.0199
-0.0063
0.0016
-0.0089
-0.0040
-0.0042
-0.0017
-

86.7%
21.2%
19.2%
2.3%
12.7%
19.6%
7.2%
6.5%
4.4%
10.3%
13.3%

80.5%
98.6%
35.3%
2008.6%
161.9%
88.0%
316.5%
443.7%
375.9%
5.2%
-9.0%

Notes: NG Hydrate Dissociation Percentage=∆n/n
CO2 Hydrate Displacement Percentage=CO2 Hydrates Amount/∆n
∆n - Total Hydrates Change Amount
n - Total Natural Gas Hydrates Amount
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Table A.5. Experimental Data of Surfactant Absorption on Sediments

Sediment

Surfactant

Initial Surface
Tension (mN/m)

Final Surface
Tension (mN/m)

Sand

Rhamnolipid

27.7

27.8

Sand

Emulsan

40.2

38

Sand

Snomax

44.7

40.6

Sand/Bentonite

Rhamnolipid

27.7

30.3

Sand/Bentonite

Emulsan

40.2

53.0

Sand/Bentonite

Snomax

44.7

43.7

Sand/Kaolin

Rhamnolipid

27.7

30.4

Sand/Kaolin

Emulsan

40.2

42.9

Sand/Kaolin

Snomax

44.7

45.5

Sand/Illite

Rhamnolipid

27.7

28.3

Sand/Illite

Emulsan

40.2

37.4

Sand/Illite

Snomax

44.7

39.9

Sand/Nontronite

Rhamnolipid

27.7

28.5

Sand/Nontronite

Emulsan

40.2

37.9

Sand/Nontronite

Snomax

44.7

39.0

Notes:
All solution concentrations are 1000ppm, made at room temperature.
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(

)

(

f ( z ) = 0 = z 3 − (1 + B ) ⋅ z 2 + A − 3B 2 − 2 B ⋅ z − AB − B 2 − B 3
A=

0.45724 ⋅ α (ω ) ⋅ Pr
Tr2

B=

0.0778 ⋅ Pr
Tr

[ (

)(

a(ω ) = 1 + 0.37464 + 1.54226ω + 0.26992ω 2 ⋅ 1 − Tr0.5
Pr =

P
Pc

Tr =

T
Tc

∆n =

P
V  Pf
⋅
− i
R  z f T f z i Ti






)]

2

)

APPENDIX C
SOAVE EQUTION
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(

)

f ( z ) = 0 = Z 3 − Z A − B − B 2 ⋅ Z − AB
A = ∑ y i y j Aij
i

B = ∑ y i Bi
i

0.42747αPr
Tr2
0.08664 Pr
Bi =
Tr
Ai =

[ (

)(

ai = 1 + 0.48508 + 1.55171ω − 0.15613ω 2 ⋅ 1 − Tr0.5
Aij = (1 − K ij )( Ai A j ) 0.5

Pr =

P
Pc

Tr =

T
Tc

K ij = −0.022

)]

2

APPENDIX D
CO2 SOLUBILITY CALCULATION EQUATION

133

134

ln

y CO2 P
mCO2

=

1( 0 )
µ CO

2

RT

− ln ϕ CO2 + ∑ 2λCO2 −c mc + ∑ 2λCO2 − a ma + ∑
c

a

c

∑ 2ζ
a

CO2 − c − a

mc m a

Par (T , P) = c1 + c 2T + c3 T + c 4T 2 + c5 (630 − T ) + c 6 P + c7 P ln T + c8 P T
+ c9 P (630 − T ) + c10 P 2 (630 − T ) 2 + c 11T ln P

Table D.1. Interaction Parameters:
T-P coefficient
c1
c2
c3
c4
c5
c6
c7
c8
c9
c10
c11

1( 0 )
µ CO
RT
2

∑ 2λ
a

28.9447706
-0.0354581768
-4770.67077
1.02782768e – 5
33.8126098
9.04037140e – 3
-1.14934031e – 3
-0.307405726
-0.0907301486
9.32713393e – 4

CO2 − a

ζ CO − Na −Cl

ma

2

-0.411370585
6.07632013e – 4
97.5347708

3.3638972e – 4
-1.98298980e – 5

-0.0237622469
0.0170656236

2.12220830e – 3
-5.24873303e – 3

1.41335834e – 5

Fugacity of CO2:
ln ϕ (T , P) = Z − 1 − ln Z +

a1 + a 2 Tr2 + a3 TR3 a 4 + a5 Tr2 + a6 Tr3
+
Vr
2Vr2

a 7 + a8 Tr2 + a9 Tr3 a 10 + a11 Tr2 + a12 Tr3
+
+
4Vr4
5Vr5
+



 a 
a13
a 
× a14 + 1 −  a14 + 1 + 152  × exp − 152 
3
2Tr a15 
Vr 

 Vr 
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Table D.2. Fugacity Equation Parameters:
a1
a2
a3
a4
a5
a6
a7
a8
a9
a10
a11
a12
a13
a14
a15

8.99288497e – 2
-4.94783127e – 1
4.77922245e – 2
1.03808883e – 2
-2.82516861e – 2
9.49887563e – 2
5.20600880e – 4
-2.93540971e – 4
-1.77265112e –3
-2.51101973e – 5
8.93353441e – 5
7.88998563e – 5
-1.66727022e – 2
1.39800000e + 0
2.96000000e – 2

Empirical Model for Pure Water Pressure

[

P = ( Pc T Tc ) 1 + c1 (− t ) + c 2 t + c3t 3 + c 4 t 3 + c5 t 4
1.9

]

Table D.3. Pure Water Pressure Equation Parameters:
c1
c2
c3
c4
c5

-38.640844
5.8948420
59.876516
26.654627
10.637092

